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Comment
Laura Dean, Editor
laura.dean@palladianpublications.com

A

fter a disastrous first half of the year for the upstream
industry, the 2Q20 results are almost in for the oil and
gas majors. Energy analysts are far from optimistic in
their predictions, expecting nothing short of “horrendous”
reports. According to Wood Mackenzie, “the oil price crash wiped
US$1.6 trillion off the valuation of the global upstream industry.”1
Furthermore, Rystad Energy has reported that “the oilfield service
market is not likely to rebound to [2019]’s activity level until 2023.”2
However, despite the repeated blows the upstream industry has faced over the course of
2020, it is important to remember that all is not lost. In its ‘Oil Market Report – June 2020,’ the
International Energy Agency (IEA) state that “while the oil market remains fragile, the recent
modest recovery in prices suggests that the first half of 2020 is ending on a more optimistic note.”
Although the “demand destruction” that the industry experienced was “unprecedented”, new
data collected by the agency has revealed the damage was not as bad (slightly) as had been
previously expected. Furthermore, on the supply side, the OPEC+ output cuts, alongside steep
declines from non-OPEC producers, have helped the market rebalance itself.3
COVID-19 has been a devastating blow for the whole of the upstream oil and gas industry,
but some countries are now reporting to have remained fairly resilient throughout the crisis.
Daniel Rogers, Oil and Gas Analyst at GlobalData, commented that the UK has remained fairly
attractive “despite a relatively expensive operating environment” due to “a favourable fiscal
regime and vast active infrastructure.” The analytics company expects the country’s production
levels to “remain relatively unaffected in spite of a number of operational assets being hit by
related disruptions.” Overall, Rogers pinpointed the developments that have been sanctioned
since the 2014 price crash as the main reason why the UK upstream oil and gas industry has
managed to remain resilient in the face of COVID-19.4
Already, the second half of the year is looking much better than the first. Fraccing activity was
one of the worst hit areas following the COVID-19 crash, with new operations plummeting to just
below 325 wells in June 2020. However, one month on and Rystad Energy is providing reports
of recovery, particularly in the Permian Basin where activity has nearly tripled. Overall, new
operations are expected to rise to above 400 wells in July 2020.5
In sporting terms, coming off the back of the first half’s innings, the industry is down but it is
certainly not out. If recent production trends are maintained and demand recovers as the world
increasingly comes out of lockdown, hopefully the market can come back fighting in the second
half, in order to be on more stable ground when starting the next season.
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World news
BOEM proposes Gulf of Mexico oil and gas lease sale for
November 2020
The Bureau of Ocean Energy Management (BOEM) is proposing to offer approximately
78.8 million acres for a region-wide lease sale scheduled for November 2020. Lease Sale 256 will
be the seventh offshore sale under the 2017 – 2022 Outer Continental Shelf Oil and Gas Leasing
Program. Lease Sale 256 will include approximately 14 755 unleased blocks – all of the available
unleased areas in federal waters of the Gulf of Mexico.
The Gulf of Mexico Outer Continental Shelf (OCS), covering approximately 160 million acres, is
estimated to contain 48 billion bbl of undiscovered technically recoverable oil and 141 trillion ft3
of undiscovered technically recoverable gas.
The following areas are unavailable and excluded from the lease sale: blocks subject to
the congressional moratorium established by the Gulf of Mexico Energy Security Act of 2006,
blocks adjacent to or beyond the US Exclusive Economic Zone in the area known as the northern
portion of the Eastern Gap, and whole blocks and partial blocks within the current boundaries
of the Flower Garden Banks National Marine Sanctuary.
BOEM has also included fiscal terms that take into account market conditions, including
a 12.5% royalty rate for leases in less than 200 m of water depth, and a royalty rate of 18.75%
for all other leases issued pursuant to the sale, in recognition of current hydrocarbon price
conditions and the marginal nature of remaining Gulf of Mexico shallow water resources.
Lease Sale 256 was originally scheduled for August, but due to the need to conduct
additional analysis to consider recent changes in the oil and gas markets, which were due in
part to the COVID-19 pandemic, the sale was moved to November.

Santos expects
US$800 million impairment

Premier Oil signs SPAs for
BP North Sea acquisitions

Santos has said it expects to recognise a
non-cash impairment charge in the range
of US$700 – US$800 million before tax
(US$490 – US$560 million after tax) in its
1H20 results to be released on 20 August
2020. The impairment charge is due to
revised oil price assumptions resulting from
the effects of the COVID-19 pandemic on
energy market demand fundamentals.
As a result of these revised oil price
assumptions, Santos will recognise
non-cash impairments of GLNG of
US$640 – US$700 million before tax
and exploration assets (primarily in
the Cooper and Amadeus Basins) of
US$60 – US$100 million before tax in the
half-year results. There is no impact on any
of Santos’ reserves.
The impairment charge is forecast to
increase Santos’ gearing by approximately
1.5%. Santos’ debt covenants have sufficient
headroom and are not under threat at
current oil prices for a number of years.

Premier has signed sale and purchase
agreements (SPAs) with BP for the
acquisition of BP’s interests in the
Andrew Area and its Shearwater assets in
the North Sea.
The acquisitions remain conditional
on agreeing the terms of the refinancing
of Premier’s existing credit facilities,
equity funding and customary
other approvals, including shareholder
approval.
Premier will pay BP US$210 million
upon completion of the acquisitions,
targeted to occur by the end of
September 2020.
In addition, up to a further currently
estimated US$115 million would become
payable by Premier to BP based on higher
future oil and gas prices.
BP will retain 100% of the existing
Shearwater abandonment costs and 50%
of the existing Andrew Area abandonment
costs.

In brief
US
Chevron has entered into a definitive
agreement with Noble Energy to
acquire all of the outstanding shares of
Noble Energy in an all-stock transaction
valued at US$5 billion. The acquisition
of Noble Energy provides Chevron with
offshore assets in Israel and enhances
Chevron’s US unconventional position
with acreage in the DJ Basin and 92 000
largely contiguous and adjacent acres
in the Permian Basin. The transaction
has been unanimously approved by the
Boards of Directors of both companies
and is expected to close in 4Q20. The
acquisition is subject to Noble Energy
shareholder approval.

Guyana
Ocean Infinity has completed a project
for ExxonMobil within the Stabroek block
offshore Guyana. The project involved
acquiring high-resolution geophysical
and geotechnical data through the
simultaneous deployment of multiple
autonomous underwater vehicles (AUVs),
in water depths of between 70 m and
2150 m over an area of approximately
3100 km2.

Iraq
Weatherford has signed an 18-month
contract with the Iraqi Drilling
Company (IDC) to provide services
and project management for the
drilling and completion of 20 wells in
the Al-Nasiriyah field in the Dhi Qar
province in southern Iraq. IDC will
provide rigs, civil works and drilling
services; Weatherford will provide
project management and all other
associated services. The operation will
be performed with four rigs provided
by IDC.
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Keppel secures FPSO
contracts with MODEC

Petrobras concludes sale
of 12 fields

Keppel Offshore & Marine (Keppel
O&M) has secured two contracts from
MODEC Offshore Production Systems
(Singapore) Pte Ltd.
In Singapore, Keppel Shipyard has
been engaged to fabricate, complete
and integrate the topside modules and
mooring support structure for a FPSO.
Components for the modules and
mooring support structure are scheduled
to arrive in 3Q20 for completion as well
as integration and installation with the
FPSO hull, which is expected in the yard
in 4Q20.
Slated for delivery in 2Q21, the FPSO
will be equipped to process 90 000 bbl
of oil and 75 million ft3/d of gas, with a
storage capacity of 700 000 bbl of oil.
In Brazil, Keppel O&M’s BrasFELS
shipyard has been awarded a topside
module fabrication contract for an FPSO
for the Buzios field in the Santos Basin, off
the coast of Rio de Janeiro.
Work on the FPSO is expected
to commence in 3Q20 with delivery
scheduled for 4Q21. When completed,
the vessel will be capable of processing
150 000 bbl of oil and 212 million ft3/d,
with a minimum storage capacity of
1.4 million bbl of oil.

Petrobras has finalised the sale of its
entire participation in two onshore
production fields (Ponta do Mel and
Redonda), located in the Potiguar Basin,
in the state of Rio Grande do Norte, to
Central Resources do Brasil Produção de
Petróleo Ltda.
The operation was concluded
totalling US$7.2 million for Petrobras,
with payment to be made over
18 months.
The average oil production of
the fields in the first half of 2020 was
approximately 493 bpd.
Petrobras has also completed
the sale of its entire stake in the 10
fields that comprise the Pampo and
Enchova Clusters, located in shallow
water in the Campos Basin in the state of
Rio de Janeiro, to Trident Energy do Brasil
LTDA, a subsidiary of Trident Energy L.P.
The transaction was concluded with
the payment of US$365.4 million to
Petrobras.
The total oil and gas production of
these fields, from April to June 2020,
was approximately 22 000 boe/d. With
this transaction, Trident will become
the operator of these concessions with a
100% stake in them.

Deepsea Atlantic rig to drill 12 rigs at Johan Sverdrup
Equinor and its partners have signed a letter of intent with Odfjell Drilling for the
Deepsea Atlantic rig to drill 12 wells during phase 2 of the Johan Sverdrup field
development, following its work on phase 1.
The drilling period is scheduled to start at the beginning of 2022. The value of the
fixed part of the agreement is estimated at approximately US$150 million. The costs of
integrated services, maintenance and options for drilling five extra wells are not included
in the estimated value.
Johan Sverdrup phase 2 includes the construction of a subsea production system,
reconstruction of the existing riser platform and a new processing platform, which will also
accommodate a converter unit receiving power from shore. This unit will distribute power
to other fields on the Utsira High: Edvard Grieg, Ivar Aasen, Gina Krog and Sleipner. The
four existing platforms on the Johan Sverdrup field are already receiving power from shore
and CO2 emissions per barrel are 0.7 kg.
The phase 2 development will increase the field production capacity from 470 000
to 690 000 bpd on plateau. The Johan Sverdrup licence partners are Equinor (operator),
Lundin, Petoro, Aker BP and Total.

CUSTOM STIMULATION
SOLUTIONS TO OPTIMIZE PRODUCTION

Cudd Energy Services (CES) delivers custom stimulation services to
help our customers achieve their production goals. We combine our
high-performance equipment and extensive operational experience
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wide scale of operations, from single-stage vertical fracs to complex
multi-stage, horizontal fracs. Our professionalism, expertise and
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Kyrah McKenzie, Wood Mackenzie,
UK, considers the implications of the
oil price crash and coronavirus for the
North Sea upstream industry.
cross the North Sea, upstream projects have been
rocked by the one-two punch of the oil price crash and
coronavirus. Brent fell below US$20/bbl in April, its
lowest since 2001. Operators are scrambling to respond,
slashing budgets and 2020 production outlooks.

A

Most North Sea production is ‘in the money’ in
2020
At a Brent price of US$35/bbl, only 130 000 boe/d – or 2%
of North Sea production – does not cover operating costs
and government share. This rises to 290 000 boe/d (5%) at
US$30/bbl, and to 6%, or 370 000 boe/d, at US$25/bbl.
For the North Sea, the major concern here is not volumes.
Cost reductions achieved during the last downturn mean
95% of the North Sea’s onstream production is ‘in the money’
at US$30/bbl. But close to a quarter of fields will run at a
loss in this price environment. Equally, an early shut-in of
the nearly 100 fields (mostly in the UK) running at a loss at
US$30/bbl would speed up a staggering US$20 billion in
decommissioning spend.
Could decommissioning be a lifeline for the service sector?
Not quite yet.

|9

Operators can ill-afford to jump into costly abandonment
programmes. EnQuest has decided to permanently shut-in its
Heather and Thistle fields in the UK, but they were both offline
and would have required further CAPEX to bring back onstream.
Most fields are likely to continue producing at a loss, as they
have in the past, in the hope the price will rebound.
Exploration and production (E&P) companies will instead
look to apply downward pressure on operating costs. But even in
the absence of a significant reduction, with a weighted-average
short run marginal cost (SRMC – operating costs plus taxes) of
US$12/bbl, the North Sea is amongst the most competitive of the
traditionally higher-cost regions. Most production is safe for now,
but longer-term investment is required to increase production
and reduce unit costs.

Investment cuts expected
While cuts in 2020 will not be quite as severe as in other parts of
the world – most sanctioned projects are on contract and likely to
proceed as planned – Wood Mackenzie still expects a 20% drop in
North Sea investment compared to its pre-downturn estimate.
And the traditional North Sea players may not be willing
investors. The majors are likely to defer capital investment and
the sector’s independents will struggle financially, particularly if
banks look to decarbonise their portfolios.
In addition, it is not certain whether private equity will step
in. With several unmonetised vehicles already on the shelf, a new

wave of money is not certain. What was already looking like a
difficult exit story just became much harder.
Mid- to long-term investment in the North Sea is under real
threat. Pre-final investment decision (FID) projects account
for approximately half of Wood Mackenzie’s investment
outlook between now and 2025 at the start of the year. Annual
investment in the UK could fall below US$1 billion as early as
2024. To combat this threat, Norway passed a landmark tax
reform in June. The agreed terms include immediate capital
allowance against Special Tax for all existing investment in 2020
and 2021 and, for projects sanctioned before 2022, all CAPEX up
to first production.
While the North Sea industry continued to sanction
projects during the previous downturn, the lack of world-class
opportunities will see it follow a similar pattern to the global
story. Wood Mackenzie identified over 20 projects that had a
chance of being sanctioned this year. Securing project financing
was already a concern for many and now less than a handful are
expected to get the green light.
Major cost cuts from the service sector are unlikely. The supply
chain bore the brunt of the previous crash and has yet to fully
recover. Coming into 2020, the service sector had been struggling
with low margins, over-supply and weak investor sentiment.
E&P companies will need to revisit development plans to achieve
material reductions.

North Sea exploration to be cut by at least 35%
2020 was expected to be another buoyant year. But
Wood Mackenzie now envisages 35% fewer exploration wells than
the 60 originally forecast; even if a lot of those wells are already
contracted. These wells are not typically licence commitments and
will be an easy cutback, rig contracts permitting.
The slowdown will be particularly felt in the UK where smaller
players typically drill at higher equity: financing will be more
challenging. In Norway, the exploration tax shelter should see
most go ahead as planned, but this is an evolving picture – the
coronavirus pandemic is already taking rigs off the market. It
is feasible that rigs could be shifted towards infill drilling and
near-term cashflow; routine near-field opportunities can wait.
It had been a decent start to the year with Total’s Isabella
discovery in the UK and MOL’s Iving/Evra, Wintershall Dea’s
Bergknapp and ConocoPhillips’ Enniberg discoveries in Norway all
standing a chance of commerciality. Operators now have time to
reflect on next steps.
Figure 1. Norwegian production by power source. Source: Wood Mackenzie,
data as of end-May 2020.

Progress on the energy transition will continue
despite the oil price crash
The North Sea is at the forefront of the energy transition. Carbon
neutrality has slowly become a strategic priority, not just for the
European majors, but also for smaller exploration and production
companies, such as Lundin Energy and Premier Oil. Hydrogen,
carbon capture and storage (CCS) and the electrification of
offshore installations are three core areas where progress is to be
expected.

Electrification

Figure 2. North Sea investment by project status. Source: Wood Mackenzie,
data as of end-May 2020.
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Led by Norway, which has the highest share of electricity produced
from renewable sources in Europe, platform electrification has
taken off. By 2023, 50% of Norway’s liquids and gas production
will either be fully or partially electrified. More will follow, driving
down the carbon intensity of the country’s production. The power
mix is critical to these projects’ success. Electrification only has

a positive impact if it is powered by clean energy from shore
or by offshore wind – an added consideration, and potential
complication, for countries such as the UK.

Carbon capture and storage
CCS is nothing new. Norway’s Sleipner West field has been
implementing CCS for over 20 years and Snøhvit for more than
10. In May 2020, Equinor, Total and Shell took a landmark
US$679 million FID on its Northern Lights CCS project in
Norway. This project is unique as it will capture carbon dioxide
from industrial sources.
But can this be made scalable? CCS is already technically
feasible, but commercial viability remains the main barrier.
Wood Mackenzie expects that a minimum carbon price of
US$90/t will be required.

Figure 3. Number of exploration wells. Source: Wood Mackenzie Lens, data as of
end -May 2020.

Hydrogen

What does the future hold for the North Sea?

Hydrogen projects are especially prominent in the Netherlands.
Here, Shell is a partner in the NortH2 project that is looking at the
feasibility of installing the world’s largest green hydrogen project.
Meanwhile, Neptune Energy is running a pilot project testing the
feasibility of hosting hydrogen production on its Q13a platform.
The hydrogen, produced via an in-situ electrolyser, will power a
neighbouring platform through an existing pipeline.
If successful, it offers an opportunity to reuse or extend the life
of existing infrastructure. An uptick in upstream decommissioning
across the North Sea over the next decade comes with a
corresponding spend of approximately US$37 billion. Extending
asset life will delay some of this spend while potentially offering
continued positive cash flow.

In the long-term, the energy transition needs to accelerate. But
with companies having less to invest and customers waking up
to the prospect of cheaper energy, there is a risk of short-term
stagnation. For those companies that choose to remain active in
the province, they will need to adapt to a greener future.
Norway is likely to emerge as the least affected of all the
North Sea hydrocarbon-producing nations. It is a decade behind
the UK in terms of basin maturity and the region’s low carbon
intensity will see it stand out as the preferred supplier for years
to come. Its local players may slow down their activities in the
short-term, but they will be back when the market brightens up.
In Denmark and the Netherlands, the industries have been on
the ropes for a while; this could be the knockout blow.
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Daniel Brietzke, Duncan McAllister, Danny Tilleman, and Thomas Gallifet,
Varel Oil & Gas Drill Bits, examine a new bit technology for directional drilling.
irectional bits based on a new design methodology are
yielding significant gains across a growing scope of wells, fields
and basins. Introduced in 2019 in Canada and Oklahoma,
US, the customised bits are now producing similar gains in curve
drilling performance in the Midland and Williston Basins, and the
Marcellus shale.
An adaptive design methodology developed by
Varel Oil & Gas Drill Bits has been produced to manage tool face control
and side cutting capabilities with features including a stepped gauge
to help motor bend, custom cone geometry for tool face control, and
high-density cutting structure for side cutting.
By balancing these characteristics to match the drilling application,
MARKSMAN directional PDC drill bits can drill build sections that reach
objectives at higher penetration rates. Growing experience in a range
of regions with different bit configurations shows the technology’s
methodology precision in improving performance with the initial
application. This in turn is yielding new opportunities for drilling
vertical/curve and curve/lateral sections with a single bit, for fewer bits
and trips, and less time expended.

Build challenges
In the build section of directional wellbores, PDC bit performance is
challenged by the formation, wellbore geometry, the bottomhole
assembly (BHA) design, and how the curve is drilled. To optimise
steerability and efficiency, these dynamics must be managed to align
them with the drilling application.
Directional bit design generally attempts to optimise rate of
penetration (ROP) and steerability so the curve section can be drilled
as quickly and consistently as possible. Key factors in this equation are
cutting structure aggressiveness, steady torque, directional control,
and dynamic stability, along with durability so as to reduce bit costs
and increase time between trips.
The bit’s methodology is based on understanding how cutter
size, blade profile, gauge length and other factors influence efficiency
and steerability in a given wellbore geometry and geology. These
bit considerations must compliment the BHA design to maximise
performance while drilling the build section. Efficiency gains depend
strongly on how effectively this knowledge is applied.

Design modifications
The bit’s methodology enhances efficiency by optimising tool face
control and side cutting capability through various modifications,
including precise variations in cutter orientation, cutter size, cutter
density, and the bit’s profile.
Greater steerability is achieved with a passive tool face created by
reducing the aggressiveness of the cone area towards the centre of the
bit. The design features a shallow cone angle and progressively lowers
cutter aggressiveness from the shoulder to the centre of the cone. A
less aggressive, higher-angle cutter back rake towards the centre of
the bit minimises reactive torque and increases steering response.
The transition to a more aggressive cutter orientation on the shoulder
enhances side-cutting capability and makes the bit easier to steer.
A fast, accurate response to specific application demands is
achieved with the company’s cutting structure design software,
PDC Designer, which simulates scenarios based on actual application
lithology. The data is used to assess performance indicators such as

lateral stability, durability and aggressiveness. The finished design data
can be imported into computer-aided design (CAD) software.
The data is also used by the company’s DIG-IT software for in-depth
analysis that runs bit simulations in complex directional drilling
scenarios. The software supports the use of 3D CAD bit models to
simulate rock interactions such as gauge or blade-top contacts.
The resulting flexibility of the MARKSMAN methodology in building
application specific bits can be illustrated by the use of multiple
configurations. The initial applications in Canada used 6-bladed
bits with 11 mm cutters (611); in Oklahoma, they are typically 513 or
613 variations. More recent applications in West Texas include 8.75 in.
613 bits, while 8.75 in. 516 bits are being used to drill the Bakken and
Marcellus.

Case study: Canada
A curve drilling operation for a large operator in the
Alberta Deep Basin’s stacked formations included a widely separated
trio of fields – Sundance, Marsh and Kakwa. Between the fields a total
of 11 runs have been achieved using MARKSMAN 611 bits. Successes
in the curve sections and good dull conditions have led to use in
vertical/curve and curve/lateral runs.
The curve sections of these wellbores are a mix of hard sandstone
and shale. The long-running drilling programme typically builds angle
from 0 – 90˚in approximately 1000 ft.
The bits were built for the application with premium cutters and a
low depth of cut. Collaboration with the operator led to a BHA change,
which was to use a higher revolutions per minute (RPM) motor. Smaller
cutters were employed to reduce torque for better toolface control,
which allowed a higher cutter density to more broadly distribute the
point load among more cutters, helping manage the depth of the cut.
Along with a less aggressive cutter back rake, the design minimised
reactive torque to allow the use of a high-speed motor. To address the
heat generated by the higher RPM, premium cutters were used.
To further reduce cutting depth, the bits have tungsten carbide
shock studs that engage the formation at a certain depth of cut for a
given ROP so as to maintain tool face control and steerablity.
The first bit was run in January 2019 in Canada’s Sundance
field. It drilled the 1640 ft curve section at 79 ft/hr, building from
16 – 90˚. The 6.25 in. 611 bit more than doubled build section ROP
compared to 11 offset sections drilled with a hybrid PDC/roller cone
bit design (Figure 1). The first run performed well when compared
to the field-standard hybrid bits, which averaged an ROP of 38 ft/hr
over a 1050 ft curve section. When the company’s bit was pulled for
a BHA change, it showed little wear and all cutters were in a reusable
condition.

Interval drilled vs ROP
In March 2019, a second bit was run for the same operator in the Kakwa
field in the northwest of the basin. The same design bit built the 1118 ft
curve from 0 – 89˚ at 45.7 ft/hr ROP. The offset average using the hybrid
bit was 1262 ft at 29.1 ft/hr. Again, the dull was in good condition.
More recently, a run in July 2019 in the Kakwa field with a 6.25 in.
611 drilled 2437 ft in 38.75 hours for a penetration rate of 63 ft/hr. At the
time, it was the fastest and longest run in the area. Two recent offsets
using the hybrid bit design drilled an average of 1262.5 ft in 43.6 hours
at 29.1 ft/hr ROP.

| 13

In the July run, the bit drilled from 10 – 90˚ and reached 1300 ft into
the lateral with a 36˚ turn. It drilled a total of 2437 ft at 63 ft/hr. Both
footage and ROP were above average, the dull grade was good and the
directional driller reported good toolface control. A 2˚ motor was used to
drill dogleg severity (DLS) as high as 28˚ per 100 ft. Sliding ROP averaged
30.5 ft/hr and rotating ROP averaged 102.7 ft/hr.
Between the Sundance and Kakwa fields is the Marsh field, where
the fifth bit in the programme was run. Also a 6.25 in. 611 bit, it was used
in the build and lateral sections to drill a total of 5117 ft at 106.6 ft/hr.

Its performance removed a hybrid bit run and a lateral PDC bit, and led to
operator plans for greater use in curve/ lateral applications.
The motor in this application was a 6/7 8.0 stage with a fixed 1.75˚bent
housing. Through the entire build section the bit achieved 6.45˚/100 ft
(including sliding and rotating). With rotating data removed it achieved a
buildup rate (BUR) of 11.76˚/100 ft. The bit slid 55% of the footage drilled
through the build section.

Case studies: US
Oklahoma plays
The MARKSMAN methodology has also provided
effective curve bit performance in Oklahoma’s
STACK and Merge plays. The applications generally
build from 0 – 90˚ in 600 to 700 ft, with build
and turn curves adding 100 to 200 ft. The bit’s
fundamentals of toolface control and side cutting
capability applied to these plays has produced two
primary designs: an 8 ¾ in. 513 and 613.
The first run in March 2019 drilled the 687 ft
build section from 15 – 90˚in 15 hours for an overall
ROP of 47 ft/hr. When Merge runs of two identical
bits were compared to competitor averages,
the directional PDC bit design drilled 19% faster
(Figure 2). 613 increased the motor yields on the
same assembly by 30% during the trail run.

Figure 1. The first run of a 6.25 in., 611 bit (green) more than doubled build section ROP in a

Canadian wellbore.

Bakken and Marcellus runs
The first runs of the bits in the Bakken and Marcellus
plays also took place in 2019. The first applications
in the Williston and Appalachian basins using
8.75 in. 516 configurations achieved 14.25 and
9.75 hour average curves respectively. It is expected
that further optimisation of these applications could
produce additional performance gains.

Texas curves

Figure 2. The company’s bits (green) were used in runs in Oklahoma’s STACK and Merge plays in
March 2019.

In the Midland Basin in West Texas back-to-back
curve successes occurred with the first runs
for a major operator. The 8.75 in. 613 bits
completed curves in 9.5 and 10.5 hours, with
both bits continuing 1000 ft into the laterals in the
Wolfcamp A formation. The bit/BHA combinations
achieved yields ranging from 13 – 18˚/100 ft.
Those results were maintained when the same
combination was used on a second rig. The operator
was able to achieve consistent yields in the slides as
well as dependable ROP.
In a series of seven wells drilled by two rigs
for the operator, the bits exhibited reliability and
consistency drilling the curve and into the lateral
(Figure 3).

Conclusion

Figure 3. The bits were used in a series of seven wells drilled by two rigs for an operator in Texas.
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Directional drilling performance relies on drilling
build sections quickly and consistently. In a
growing number of US and Canadian basins, a
new methodology for customising toolface control
and side-cutting capabilities for the application
is enhancing steerability and efficiency, and
enabling directional PDC drill bits to complete
directional targets across a broad scope of wells and
lithologies.

COVER STORY

COMBATTING BRINE
CRYSTALLISATION
Samy Helmy, TETRA Technologies, USA, reviews a series of high density,
solids-free completion fluids designed for environmentally sensitive wells.

O

ilfield completion fluids are solutions of salts
(usually halides or formates) in water. At lowered
temperatures or increased pressures these fluids can
crystallise, causing severe operational problems. This
article describes the development and successful use of a
novel class of completion fluids by TETRA Technologies.

TETRA CS Neptune® completion fluids mitigate the risk of
crystallisation, are environmentally acceptable, and are
sustainably sourced. Although originally developed to
service deepwater projects, they are well suited for use in
the North Sea and other environmentally-sensitive areas
as cost-effective alternatives to cesium formate.
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Brine crystallisation

Figure 1. Plot of salt concentration vs crystallisation temperature.
Table 1. Effect of pressure on crystallisation temperature of brine blend above
its eutetic density
Pressure (psig)

PCT (˚F)

0

38

5000

42

10 000

49

15 000

55

The crystallisation temperature of oilfield brines is a function of dissolved
salt concentration; the relationship is not linear however. Plots of
crystallisation temperature vs brine density (salt concentration) typically
follow the form shown in Figure 1.
The inflection point in the plot (the eutectic point) represents the
lowest crystallisation temperature achievable with a specific brine
chemistry. Increases in brine density below the eutectic point lower
the crystallisation temperature, whereas density increases above the
eutectic result in increases in the crystallisation temperature. The
eutectic point for calcium bromide brines occurs at approximately
13.2 ppg (1.58 g/ml) and -37˚F (-38˚C). At 14.2 ppg (1.70 g/ml), calcium
bromide exhibits a crystallisation temperature of 10˚F (-12˚C).
However, at 14.9 ppg (1.785 g/ml) the crystallisation temperature of
calcium bromide brine has risen to 57˚F (14˚C) and it can no longer
be considered an operationally viable fluid for a major part of well
applications.
High pressures, such as those experienced by completion fluids in
deepwater risers and during blowout preventer (BOP) tests, cause fluids
to the right of the eutectic point to exhibit even higher crystallisation
temperatures due to the compressibility of water within the brine. Table 1
illustrates the effect of pressure on
the crystallisation temperature of a
specific brine blend above its eutectic
density. The value of this subsequent
shift in crystallisation temperature
is commonly referred to as pressure
crystallisation temperature (PCT).
TETRA CS Neptune completion
fluids were developed to address the
crystallisation problems associated
with the use of high density brines.

Initial development and
field validation

Figure 2. HPDSC plot.

Figure 3. PCT comparison data.
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In June 2014, the company was asked
by a major US operator to develop
a novel clear brine. The fluid was
to have a density of up to 15.4 ppg
(1.85 g/ml), a PCT of <30˚F (<-1˚C) at
15 000 psi and could not contain zinc
(due to environmental concerns) or
formate ions (due to concerns with
hydrogen-induced cracking).
A key decision early in the
project was how to measure the
crystallisation temperature of the
candidate brines at high pressure.
No industry standard methodology
exists for the measurement of
PCT and many of the ‘prototype’
instruments used to generate PCT
data in the early 2000s were no longer
operational. TETRA had already been
considering the use of differential
scanning calorimetry (DSC) as a
way to automate the measurement
of crystallisation temperature.
Differential scanning calorimeters
detect thermal changes within a
material. The instrument measures
the amount of energy that must be

transferred to the material to achieve specific temperatures relative to
that required for an inert ‘control’ sample as they are both subjected to a
heating or cooling cycle. Crystallisation of halide brines is an exothermic
process (heat is released) and hence can be detected by DSC. DSC
instruments are used throughout the chemical industry, but pressurised
differential scanning calorimeters (HPDSCs) were not widely available and
consequently were entirely unproven in this application. The company
approached a respected manufacturer of this instrumentation and
conducted extensive testing on various brine types at their development
laboratories in France. This testing indicated that PCT could be measured
and replicated consistently using an HPDSC instrument. In addition, the
instrument was small enough and sufficiently robust to permit usage at
the rig site, if required. An example HPDSC plot is shown in Figure 2.
Initial development work on the novel fluid, to validate proof
of concept, was completed within two months and the fluid was
then subjected to intensive testing to verify its suitability. The testing
programme was performed internally and at recognised external
laboratories. The test programme included: crystallisation temperature
(true crystallisation temperature [TCT] and PCT), thermal stability (up
to 325˚F/163˚C), compatibility with elastomers and downhole fluids,
corrosion (general and environmentally assisted cracking), temperature
and pressure effects, environmental acceptability (Gulf of Mexico and
North Sea), hydrate inhibition, shale stability, regained permeability, and
plant mixing trials. In each case, the results were exemplary, providing
confidence to progress with the first field trial. A detailed description of the
testing programme is beyond the scope of this article, so elected examples
of the testing have been summarised:

Corrosion
Stress cracking tests involved the corrosion resistant alloys (CRAs) 13Cr110,
15Cr125 , and Alloy 718, and a carbon steel (Q125). Tests were conducted
on C-Rings, Tensile Bars and Crevice Coupons, as shown in Figure 4, in a
carbon dioxide (CO2) rich environment for 30 days at 265˚F/129˚C.
All CRAs and carbon steel specimens tested passed and the novel fluid
achieved performance comparable to an effectively inhibited calcium
bromide brine.
General corrosion rates in the new fluid were also low and were
comparable to those for an equivalent density calcium bromide brine.

Health, safety and environment (HSE)
The new fluid was classified as non-hazardous and obtained
environmental approval for use in both the Gulf of Mexico and the
North Sea. OSPAR pre-screening test data for the fluid is provided in
Table 2 and demonstrates its low toxicity, low bioaccumulation potential,
and ready biodegradability.

Wellbore validation
In February 2015, a TETRA CS Neptune completion fluid was used for the
first time in a Gulf of Mexico project. Water depth was 7200 ft, total vertical
depth (TVD) was >30 000 ft and the bottomhole temperature was 265˚F
(129˚C). The project included a BOP test at 15 000 psi and <40˚F (<4˚C).
The fluid was used as the completion brine, base for wellbore treatment
pills, and packer fluid. The fluid performed well, with no operational or HSE
issues. It was used successfully in four subsequent wells, one temporary
abandonment and one well intervention.

PCT data

Ongoing development work

Figure 3 indicates the PCT values obtained on various fluids by the
company and a respected, independent laboratory.

Development of the fluid has continued throughout the last five years
and related fluid chemistries are available at densities up to 17.5 ppg, as

Complete Flash Rust Prevention
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imperceptible ﬁlm coating that offers excellent salt contaminant
and humidity protection.

Most Trusted Brand
Holdtight 102® is a superior salt remover and Flash Rust
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shown in Tables 3 and 4. Each of these fluids exhibit strong environmental
credentials and are obtained from readily available or renewable sources.

Alternative applications
Although no field trials for alternative applications have yet been
completed, initial laboratory testing coupled with knowledge of the
chemistry of TETRA CS Neptune completion fluids and wellbore fluids
technologies suggests that they could be highly effective as:
Base brines for low solids water-based reservoir drilling fluids.
Internal phase of solids-free invert emulsions.
Carrier brine for acid precursor filtercake breakers.

Ì
Ì
Ì

Water-based reservoir drilling fluids
Reservoir drilling fluids must be capable of drilling the reservoir section
and should cause minimal damage to the reservoir’s productivity. Invasion
of reservoir pore throats by drilling fluid solids is an accepted formation
damage mechanism. Consequently, it is considered good drilling practice
to use high density base brines within reservoir drilling fluids to minimise
the concentration of inert solids needed to achieve the desired density.
Although divalent brines can be used, they have a number of issues.
Firstly, the reaction between divalent cations in the brine and anions in

the formation water can, in certain applications, result in the formation
of insoluble solids capable of blocking reservoir pore throats. Secondly,
the chemistries used in reservoir drilling fluids to confer viscosity and fluid
loss control (e.g. xanthan gum and modified starches) tend to perform
more effectively in monovalent brines. Hence monovalent brines are
typically preferred as base brines in this application. Sodium bromide and
potassium formate are used frequently as base brines for reservoir drilling
fluids. The limitation of both these brine types is density. Sodium bromide
is limited to approximately 12.3 ppg (1.48 g/ml) and potassium formate
to 13.1 ppg (1.57 g/ml). When the reservoir drilling fluid is formulated with
an optimal 50 lb/bbl ground marble as a weighting/bridging agent an
overall density of 13 ppg can be achieved with sodium bromide as the base
brine. A slightly higher density can be achieved with potassium formate
(13.7 ppg). However, when higher densities are required more solids
must be added to the fluid, increasing the risk of formation damage. The
higher density of TETRA CS Neptune extra high-density monovalent fluid
(15.7 ppg) means that a reservoir drilling fluid containing only 50 lb/bbl
ground marble can achieve a density of over 15.8 ppg.

Solids-free invert emulsions
Solids-free invert emulsions are used in situations where a non-aqueous
fluid is required and the presence of solid weighting agents is undesirable
e.g. when running sand screens into the hole. To achieve significant density
in these fluids it is necessary to formulate them at a very low oil/water
ratio (typically 40/60 or below). Achieving acceptable fluid stability at such
low oil/water ratios is notoriously difficult. Formulating a 40/60 fluid with
commercial 14.2 ppg (1.7 g/ml) calcium bromide provides a density of
11.2 ppg (1.34 g/ml). However, if calcium bromide can be replaced with
TETRA CS Neptune extra high density divalent fluid (XHDD) (17.5 ppg,
2.10 g/ml) then a solids-free invert can be obtained with a much higher
density (12.9 ppg, 1.54 g/ml). Alternatively, by using TETRA CS Neptune
XHDD it becomes possible to obtain the density achieved by calcium
bromide (11.2 ppg) using a higher oil water ratio (56/44) and achieve a
much more stable fluid.

Acid precursor filtercake breakers
Figure 4. Corrosion test coupons.
Table 2. OSPAR pre-screening data
OSPAR
pre-screening test

Test method

Target
result

Actual
result

Biodegradability

OECD 306

>20%

99%

Bioaccumulation
profile

OECD 117

<3

0.98

Skeletonema toxicity

ISO10253

>10 mg/l

203 mg/l

Acartia toxicity

ISO14669

>10 mg/l

523 mg/l

Fish toxicity

OSPAR 2006 Part B

>10 mg/l

>203 mg/l

Table 3. Summary of TETRA CS Neptune divalent fluid types
Product

Maximum density

Temperature stability

TETRA CS Neptune

15.4 ppg (1.84 g/ml)

350˚F (177˚C)

TETRA CS Neptune HDD

15.7 ppg (1.88 g/ml)

290˚F (143˚C)

TETRA CS Neptune XHDD

17.5 ppg (2.1 g/ml)

350˚F (177˚C)

The acid precursors used as filtercake breakers are typically carboxylic
acid esters. These esters hydrolyse under wellbore conditions to release
carboxylic acid, which then attacks the filtercake deposited on the
wellbore by the reservoir drilling fluid. The hydrolysis of carboxylic acid
esters is catalysed by both acids and alkalis. Hence the use of zinc bromide
(pH<2) and formate brines (pH>11) as carrier fluids for acid precursors
is not advised. The use of calcium brines is also not recommended,
since the presence of high concentrations of Ca2+ ions within the
brine inhibits dissolution of calcium carbonate within the filtercake.
Consequently, sodium bromide is the preferred carrier brine for these
breakers. Sodium bromide is limited to a density of 12.3 ppg (1.48 g/ml).
Most acid precursors have a density of approximately 1 g/ml and are
used at concentrations between 10% v/v and 20% v/v. Consequently,
breakers formulated using sodium bromide are limited to a density of
1.43 g/ml (with 10% precursor) and 1.38 g/ml (with 20% precursor).
TETRA CS Neptune XHDM can be supplied at up to 15.7 ppg (1.88 g/ml) and
hence can achieve much higher breaker fluid densities e.g. 1.76 g/ml (with
10% precursor) and 1.67 g/ml (with 20% precursor). Like sodium bromide,
TETRA CS Neptune XHDM poses minimal risk to the environment and rig
crews.

Summary
Table 4. Summary of TETRA CS Neptune monovalent fluid types
Product

Maximum density

Temperature stability

TETRA CS Neptune HDM

13.1 ppg (1.57 g/ml)

>350˚F (177˚C)

TETRA CS Neptune XHDM

15.7 ppg (1.88 g/ml)

>350˚F (177˚C)
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A range of versatile, advanced wellbore fluids have been developed that
are able to achieve much lower crystallisation temperatures than zinc-free
conventional halide brines. These fluids are field proven, environmentally
responsible and can provide a cost-effective alternative to caesium
formate.

CLEAN AS
A WHISTLE
Alex Nicodimou, Welltec,
Denmark, overviews a range
of tools designed to optimise
production through cleaning
wellbores.

C

leaning wellbores is a task that all operators
need to deal with if they are to maintain
optimum production. Using the latest and
most innovative solutions is essential to save time
and improve efficiency.
After completion, a well can produce for
20 to 40 years, and over that lifetime many issues
can occur that impact upon its performance,
decrease production rates, and lead to the need for
intervention.
Blockages in wells are a huge issue for
operators. Interventions may be required to remedy
the failure of downhole assemblies or simply
perform a valve opening, sleeve shifting, pulling of a
crown plug or other such downhole barriers. Before
any of these can be attempted, the bore must be
cleaned to allow access. There are also occasions
when the bore simply requires cleaning to remove
scale or wax build-up, or to remove restrictions to
flow, like well plugging due to sand.
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The scale of the problem
In a recent survey of operators handling interventions,
approximately 80% of the issues that were reported involved
some sort of debris, scaling or sanding. A common consequence
of sand plugging is a blocked wellbore.
Sand plugs can form because the well flow is not strong
enough to transport the sand up the well to the surface and
it therefore accumulates in the flow, eventually bringing
production to a halt. For Welltec, these wellbore cleaning
procedures make up a large proportion of operations, with
almost every intervention on an old well having some element of
clean-up involved.

to overcome this is to mill and break up the debris, to agitate,
extract and clean simultaneously, a task that can be achieved
using the Well Miller® Reverse Circulating Bit (RCB). This tool
integrates a rotary bit with a suction system to provide the
combined benefits of both cleaning mechanisms in one powerful
tool. The RCB breaks through obstacles and recovers the
generated cuttings into the integrated bailers. In a single run
obstacles, such as composite plugs, can be milled and removed
from the well to prevent further associated problems.

Power suction tool performs major clean-out

The Well Cleaner® Power Suction Tool (PST) can be deployed
quickly and with efficient planning. This makes it an effective
Solutions
alternative to heavier clean-out methods, such as coiled tubing
One of the biggest challenges that operators face in cleaning
(CT).
operations is debris that is heavy and large in volume. One way
This was demonstrated when a client in the Norwegian sector
of the North Sea experienced a well barrier issue. The
well was initially sidetracked and cased with a 4.5 in.
liner. A clean-out operation was performed using CT
prior to drilling the sidetrack. The liner was set with
openhole sand screens in the toe, and swell packers
were used for zonal isolation. After completion, the
operator fracced the well and started production. One
year later, proppants were produced to surface before
eventually affecting well performance.
Consequently, the operator discovered a pressure
build-up in the A annulus. An e-line operation running
leak detection and multi-finger caliper tools produced
data suggesting a leak was below the hold-up depth
(HUD), where the tools hit an obstruction at 9711 ft.
In addition to this, a minor leak from the annulus
to the formation was discovered, leaving the well
with only one barrier and resulting in an orange-risk
classification.
The operator assumed that sand proppant was
blocking the wellbore. The client began planning
for a CT clean-out operation to set a plug above the
reservoir. Welltec were already onsite with their
Figure 1. Debris such as asphaltenes can accumulate to dramatically reduce well flow
mechanical puncher tool that was to be used as a
performance.
contingency in case of an uncontrolled pressure
build-up. If that proved to be the case, the puncher
could establish communication with the A annulus by
drilling a precise and controlled equalisation channel.
As the CT was taking considerable time to plan and
mobilise, and to avoid unnecessary downtime, the
operator decided to deploy the PST bailing solution to
try and clear the obstruction.
In the first of several planned runs, the PST
High Flow (HF) – which is designed to provide
maximum flow velocity output – collected relatively
low amounts of debris. Therefore, the crew switched
to the PST Large Drawdown (LD), which is designed
to collect a wider range of debris types and sizes. The
tool achieved better recovery rates and the operation
was continued solely with this setup. Over 43 runs,
more than 4000 lbs of sand proppant was removed,
and the location of the leak was verified at 10 459 ft
where the plug was then set.
Initially the client had been somewhat hesitant
about whether the PST solution would be the best
option, but was willing to at least try an e-line
Figure 2. The Well Cleaner® Power Suction Tool (PST) can be mobilised quickly and with
alternative while waiting for CT. However, the results
minimal footprint.
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demonstrated how the tool was able to provide a simple yet
effective solution that required far less time-consuming planning
with a lower mobilisation footprint.

Deepwater operations to retrieve asphaltenes
In another operation, an operator in the Gulf of Mexico planned
to set a lock-open sleeve across a failed subsurface safety valve
(SSSV). This resulted in an intervention that would not only mark
the first time asphaltenes were recovered using e-line, but also
involve operating at great depth.
The operation was conducted as a riserless light well
intervention (RLWI) on a subsea well at a water depth of 3991 ft.
The well had not been re-entered since it was put on production,
so downhole conditions were unknown. A slickline gauge run was
attempted, but reached no more than 1000 ft.
After multiple failed attempts with slickline, the operator
chose to deploy Welltec’s Well Tractor® and Well Cleaner RCB to

mill through the obstruction. The tool string was able to tractor
past the previous depths where the slickline had held up and
continued down to 5727 ft, where a blockage was encountered.
The RCB was then engaged and successfully cleaned the well for
a further 1863 ft, to a depth of 7590 ft.
When the tool string was recovered to surface, the bit was
found to be packed with solid debris, while the bailer sections
were filled with dense, hard-packed asphaltenes, which had
not been expected. The operator concluded that these deposits
would likely be present throughout the well. It was therefore
decided that it would be best to analyse the samples recovered
by the RCB and prepare a plan before attempting to mill through
any further. Based on the successful recovery, the operator
gained valuable information about the downhole conditions
which enabled them to make an informed decision on how best
to proceed.

Clean-out recovering 2700 lbs of debris

Figure 3. The Well Miller® Reverse Circulating Bit (RCB) can simultaneously rotate and
break up debris whilst also collecting the debris into its bailer modules.

In Gabon, an operator had encountered issues with
debris in one of their wells located in a remote
area. The well in question was a 7 in. cased-hole
completion with 165 ft of perforations. For the
Koula field development system this was a critical
component as it was the only designated water
injection well in the field. However, the well lost
injectivity and it was determined that something
had filled the well to approximately 125 ft above
the top of the perforations. At this time a CT
clean-out was performed on the well, which
uncovered approximately 85 ft of the completed
interval. Since then, the HUD in the well moved up so
that only 16 ft of perforations were above the HUD,
requiring a clean-out.
As the field was in the middle of the jungle, it was
crucial to consider the environmental aspects of the
operation. Therefore, the client decided to use the
PST, which is light, compact and easy to mobilise and
operate, resulting in a very low carbon footprint. The
tool was run in the hole to a depth of 5771 ft where
it was activated. Over 18 successful runs, using up to
six bailers per run, the tool recovered approximately
2700 lbs of debris from the well. Unfortunately, the
intervention confirmed that the well was refilling with
debris during the clean-out process. The HUD did not
change significantly despite the successful recovery of
large amounts of fill. The results, however, provided
valuable information for the operator to further
diagnose the cause and initiate appropriate measures.

Conclusion

Figure 4. The Well Cleaner bailer sections being disassembled on a platform in the
Norwegian Sea.
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In the current financially constrained oil market,
reducing costs and improving productivity are more
important than ever. Across the globe, oil and gas
operators face many risks from flow restrictions,
blockage and even suspension of production in their
wells. Yet, to achieve success, they need high quality,
robust tools for venturing to farther horizons, hostile
environments, and unconventional wells. By utilising
innovative tools and technology, operators can save
time and improve the efficiency of well-cleaning
operations, and at the same time gain valuable
insights into well conditions.

TIME TO
INTERVENE
Matthew Billingham and Benjamin Durand, Schlumberger,
champion the use of well interventions to provide cost-efficient
production with minimised risk.

T

he exploration and production (E&P) industry is facing an
unprecedented economic situation defined by significantly
reduced demand coupled with extremely low oil prices.
In response, many operators are looking to increase capital
discipline to improve free cash flow. Mature assets provide
prime opportunities toward reducing the cost per barrel through
conducting more well interventions to deliver production with
greater cost efficiency and minimised risk.

Cash flow is generated from production, which has historically
been maintained or increased ‘by the bit’ – i.e. by drilling more
wells. However, the unique inflection in operator spend that
began in 2015 is now manifested in industry OPEX becoming
greater than CAPEX due to reduced drilling programmes. The
additional current pressure to deliver cash flow has brought a new
focus on achieving more with existing assets, and intervention
plays a key role in this.
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The intervention potential: better economics and
lower emissions
The huge potential that intervention can deliver is documented in
various reports worldwide. One example is in the 2018 Wells Insight
Report published by the Oil & Gas Authority (OGA),1 which regulates the
exploration and development of oil and gas offshore the UK and onshore
England. The OGA reviewed all well stock and interventions performed
and found that the £285 million spent on interventions maintained
or added 43.5 million boe to production. This means each additional
barrel of oil after an intervention came in at approximately £6.50/bbl.
Considering that approximately 11% of the activity was on subsea
operations but accounts for half the spend, it is obvious that the value
from intervention is even greater for non-subsea wells.
Similarly, favourable benchmarks for intervention economics
in the North Sea and Europe were published in an SPE paper by the
Well Intervention Excellence Network, comprising 22 operators.2 On
average, a contribution of approximately 10% to production could be
achieved by performing interventions. On offshore platforms, the rate
was as high as 16%, and onshore wells benefitted by a 9% increase.
Considering these economics, interventions can be seen as a key
strategic element for operators with production targets but limited
CAPEX. However, downhole interventions are currently poorly leveraged,
accounting for only approximately 3% to 4% of total OPEX and CAPEX
spend.

Another benefit of conducting interventions is that production
brought in by intervention has a much lower carbon footprint in
comparison with drilling wells. The asset already exists, so intervention
activity conducted with a coiled tubing or wireline unit has very light fuel
requirements and emissions, unlike mobilising and operating a drilling rig.

Proactive production optimisation
As fields and wells mature, production declines mainly as a result of
well integrity issues and reservoir-related production issues. Due to
this inevitability, intervention is most effective when it is practiced
proactively throughout the life of a field or well. This can be as simple
as routine surveillance to monitor fluid contacts and well pressures,
because even if production targets are being met, production is not
necessarily optimal. Knowing when to intervene early on prevents
production impairments from getting out of hand and requiring more
intensive measures, and in turn, higher deferred production, to resolve.

Risk reduction through digital and technological
innovations
Intervention is often misperceived as risky because that was often the
case with conventional intervention tools, which at best rely on surface
measurements to guide deployment. However, the introduction of digital
instrumentation and downhole automation to integrated intervention
portfolios mitigates risk and reliably delivers performance improvement.
By combining conveyance, downhole intervention hardware, and digital
technologies, these portfolios provide real time communication, progress
monitoring, control, and verification of tool operations while removing
inefficient surface control latency. This latest generation of the wireline
intervention services also expands the operating envelopes to extreme
conditions of sour, high pressure high temperature (HPHT), tortuous well
trajectory, complex completions, and ultradeep and extended-reach wells.

Job planning

Figure 1. The ReSOLVE iX service’s active debris removal tool uses
a PCP pump and multistage bailer design to provide a robust and
versatile solution for collection of a wide range of debris sizes, types, and
coherence.

Even before the tools enter the well, operators and service companies
can greatly reduce intervention risk by collaboratively employing tool
planners to accurately model downhole conditions and outcomes to
remove the historical guess work. For example, for the critical concern
of wireline tension, especially in deep, tortuous wells, modelling reliably
specifies conveyance requirements. In addition to tension modelling, other
requirements, such as voltage and current and parameters for various
assemblies, can now be modelled to optimise
toolstring design and assure efficient and effective
outcomes.

Conveyance selection
Advances in cable technology solve previous
conveyance limitations that often included the
following:
Deployment on slickline was restricted to basic
mechanical intervention jobs where the only
information available to the operator was
surface depth and tension. Today, however,
almost the same capabilities can be achieved
as with an electric line.
Deployment on wireline was adversely
affected by slow running speed, cable
birdcaging or stranding risk, low strength,
high friction coefficients, gas-entry issues
in high pressure gas wells, inaccessibility in
high-deviation and complex completions, and
the pressure control equipment that required
grease injection with associated environmental
concerns.

Ì

Ì

Figure 2. Customised bottom noses for the active debris removal tool can be used in different
scenarios and downhole conditions.
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Wireline and slickline operations were required for different
functions in the same well, leading to operational, logistical, and HSE
complexities and risks.

The new Schlumberger StreamLINE iX* extreme-performance
polymer-locked wireline cables provide high strength-to-weight ratio and
reduced friction to enable higher overpulls and longer reach, in addition
to preventing birdcaging and stranding while greatly simplifying pressure
control without using grease and its environmental implications. The
wireline cable’s patented polymer coating technique locks the cable
core and its armours to form a single high-integrity element that not only
enables deployment in sour conditions and high pressure gas wells, but
also performs some basic slickline services. Distributed fibre sensing
technology can be embedded in the cable to further enhance the cable’s
capabilities.
The cable’s high-power capacity also enables the deployment of
advanced intervention technologies and tractor conveyance. Pairing the
wireline cable with the TuffTRAC iX* extreme-performance wireline tractor
intelligently optimises navigation. At only 2 1/8 in. dia., the high-speed,
bidirectional extreme-performance wireline tractor’s independent drive
control and active traction control are monitored and managed from
surface to easily negotiate restrictions and prevent slippage to further
increase intervention access and capabilities. Risk is further mitigated
by completing the conveyance design with on-demand wireline release
technology that leaves a clean fish for simpler and more successful fishing
outcomes.

Ì

Operations in ultradeep and complex well geometries, considered
historically prohibited on wireline conveyance, are now achievable.
Customisation and qualification for maximising intervention
impact and minimising risk, for example the active debris removal
tool’s bottom noses can be customised for different scenarios and
downhole conditions (Figure 2).

Relying only on hardware advances is simply not enough to
assure a successful intervention outcome. The instrumented wireline
intervention services are further enhanced with digital technologies to
enable real time monitoring and representation of downhole operations
so operators are always in control of the intervention operations,
wherever they are. The instrumentation in capabilities enabled by the
services provide real time downhole measurement and diagnostics,
visualised in a user-friendly software. Operators can confirm operations
as they happen and quickly adjust their actions to address downhole
uncertainties and prevent any unwanted damage to the tubulars or
completions parts during intervention operations. For example, the
anchoring force is measured in real time to avoid exceeding the safe
working load of the tubulars where they are set. The shifting movement
is measured down to 1 mm progress to ensure an effective and efficient
shifting operation. Therefore, it is possible to digitally fingerprint every
completion interaction to ensure that what happens downhole is
understood and can be adjusted in real time.

Downhole intervention hardware advances and
digital technologies
In addition to risk reduction, greater operational flexibility – and cost
reduction – comes from technology integration bridging conveyance
modes. Digital slickline can be used to conduct some electric line work,
and electric line tools can perform basic coiled tubing operations with no
fluids introduced into the well. Coiled tubing can deliver electric power
downhole and at the same time be fitted with distributed fibre sensing.
Advancements in the wireline intervention hardware, software
and firmware technologies enable intervention operations that were
previously impossible to imagine due to limited action, lack of efficiency
Figure 3. The MillOptimizer system can autonomously adjust the WOB
and high risk. Some examples of hardware design advancements in the
to achieve a particular torque. Note: Telemetry link to the surface and
ReSOLVE* instrumented wireline intervention service and the ReSOLVE iX
high-voltage DC line are not shown.
extreme-performance instrumented wireline
intervention service include the following:
Smart shifting tool for multiple shifting to
any position in one run. Large customised
expansion ratio of anchors and selective
shifter guaranty application versatility
(Figure 1).
Reversible progressive cavity pump for the
most efficient debris removal action and high
pressure washing while minimising the risk of
getting stuck.
Multistage bailer configuration with parallel
flow filters for maximum fill efficiency of a
wide range of debris particles. Bottom nose
Figure 4. This test demonstrates that the higher average milling torque enabled by autonomous
customisation to maximise cleaning impact
milling allows a higher ROP and fewer motor stalls, resulting in more efficient and effective milling
and efficiency considering debris type,
than manual operation.
cohesiveness, location and surface on which
they are settled.
Table 1. Milling performance comparison on simulated ball seat
Combination of advanced
Average torque,
Average
Number
Stalls
Stalls
conveyance technologies such as the
Test
Bit,
Mode
WOB controlled,
penetration
of stalls in
per
per
time
rpm
extreme-performance polymer-locked
lbf.ft
rate, in./hr
test period
hour
in.
wireline cable, extreme-performance wireline
Autonomous
0:58
36
147
2.91
3
3.1
1
tractor and a WiRED* wireline inline release
Manual
1:23
36
106
1.04
13
9.4
9
device to reduce risk and maximise efficiency.

Ì

Ì
Ì

Ì
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of 3.958 in. A slickline broach was run but was
unsuccessful at removing the extremely hard
barium sulfate scale.
The 2.125 in. instrumented wireline
intervention service’s milling tool and
the UltraTRAC* all-terrain wireline tractor
were deployed with a 3.7 in. PDC bit. The
autonomous milling system coordinated
milling the scale from 620 ft down to 5270 ft
with a total milling time of only 81 hours for
an average milling ROP higher than 50 ft/hr.
The straddle packer passed smoothly after
milling, and the intervention objective was
achieved.

Case study: fishing partially set
plug in the North Sea
During slickline setting of a generic bridge
plug as a temporary barrier in a North Sea
injector well for Eni UK Ltd., the plug was
unintentionally partially set. Because the
injector well is key for the field’s production, slickline fishing operations
began immediately.
Retrieval of the stuck fish was attempted by shearing off the shear
disk on the setting tool. More than 300 jar impacts with an equivalent
impact force of approximately 100 000 lbf were applied but failed to shear
off the toolstring. As conventional jarring impact forces did not appear to
make any progress, it was decided to apply a high tension direct overpull
downhole with the instrumented wireline intervention service linear
actuator.
To effectively shear using direct linear application of force, an
instrumented wireline intervention service was mobilised to the rig
for seamless deployment on electric line by the multiskilled crew. The
service’s shifting application integrates anchor, a high-force linear actuator,
and slickline fishing assembly.
The linear actuator was run in, anchored, and easily latched to the
stuck plug bottomhole assembly. On the first attempt, upward application
of an approximately 24 600 lbf stroking force by the instrumented wireline
intervention service successfully sheared off the tool, as verified in real
time (Figure 5). The precisely targeted instrumented application of pulling
force provided an effective, elegant solution to freeing the stuck plug
instead of the conventional application of jarring.
The linear actuator was then stroked down to release the fish, which
was subsequently retrieved with the plug on slickline.

Figure 5. Sensors integrated in the ReSOLVE iX service enable responsive, dynamic control of intervention

operations, while also monitoring and verifying downhole actuation.
Because the success of intervention can depend on what happens in
milliseconds, instrumented wireline intervention services are engineered
further with downhole automation. Tools react faster to changing
downhole conditions through the instrumentation and downhole
automation of various functions such as stroking, opening anchors,
motor and voltage management, milling, and many more. The downhole
autonomous milling system used in the instrumented wireline intervention
service’s milling tool monitors head voltage, relative bearing, temperature,
torque and speed to orchestrate interactions between tractors and the
milling tool (Figure 3). Operating as a single intelligent robotic system,
the autonomous milling system ensures milling objectives are achieved,
maximises milling efficiency, minimises stalling, prevents sticking and
removes dependency on the operator and field engineers’ experience.

Case study: autonomous vs manual milling
performance on ball seat milling tests3
Ball seat milling trials have proved the efficiency and effectiveness of using
the autonomous milling system over conventional cable tension to control
weight on bit (WOB) of the milling tool and prevent motor stalls. The tests
were performed in a tubing fixture that enclosed the tractor sections of
a full toolstring and a simulated ball seat for the target. By constantly
adjusting the pushing force to immediately respond to milling conditions,
autonomous milling enabled higher average torque that in turn raised
rate of penetration (ROP) and reduced time lost to stalling. In manual
mode, the operator could not react as quickly or precisely, and all milling
performance parameters were highly unstable, resulting in many stalls
during the test. As shown in Figure 4, this test demonstrates that the higher
average milling torque enabled by autonomous milling allows a higher
ROP and four times fewer motor stalls, resulting in more efficient and
effective milling operations with a reduced risk of sticking.
Table 1 compares the results of running the test with each mode. Each
mode was run with a fresh target.

Summary
In a cyclical industry, intervention-based production can deliver a
steady cash flow stream at a lower cost per barrel while also reducing
the environmental footprint of operations. As such, intervention can be
seen as a key strategic element for operators with production targets but
limited CAPEX.

Note
*Mark of Schlumberger

Case study: scale milling in the North Sea
An operator in the North Sea needed to remove scale build-up from the
upper completion of an offshore well that was preventing installation of
a straddle packer to seal holes in the 4 .5 in. tubing at a depth of 12 180 ft.
The well was thought to be scaled from the downhole safety valve (DHSV)
nipple at 555 ft to a depth of over 5000 ft. The minimum restriction
of this interval was 3.5 in. with a nominal tubing inner diameter (ID)
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BEAR THE
WEAR
Patrick Stone, CoorsTek Inc., USA,
highlights how technical ceramic-based electrical
submersible pump bearing systems help oil producers
optimise efficiency and run life.
lectrical submersible pumps (ESPs) are an efficient,
cost-effective method of providing artificial lift in the oil
industry. ESP systems have continuously improved since
1927, when the first pump made in Bartlesville, Oklahoma, US,
was installed in an oil well near Russell, Kansas, US. Today’s ESP
systems create a small environmental footprint because of their
optimised power utilisation, minimal production stoppages,
and high reliability. These qualities reduce unplanned activity
at the wellsite and minimise the need for repairs, as well as
maintenance waste streams.
An ESP system comprises several major components
(Figure 1). The pump is a multistage centrifugal type wherein
most surfaces are directly exposed to production fluids. The
focus of this article is primarily on the pump’s radial bearings
and, to a lesser degree, the mechanical seal in the seal chamber
section and other bearings in the components.

E

When a pump’s radial bearings wear,
the resulting increased clearance between the
sliding bearing surfaces causes increasing shaft
instability (whipping), which can compromise
the mechanical seal in the seal chamber section
and allow wellbore fluids into the motor to cause an
electrical failure. This shaft instability also stresses the
motor bearings.
Recognising the importance of bearing systems
for long run-life and reliability, the ESP industry has
responded with design and material improvements. In
particular, manufacturers have implemented different
bearing approaches; the biggest step-change has been
the incorporation of technical ceramics and cermet
(ceramic/ metal composite) materials such as tungsten
carbide.

Oil well challenges

Radial bearing system design

Most oil wells require artificial lift at some point to enhance
production. As an oil well matures, it is not unusual for it to
produce increasing amounts of water, abrasive solids, and gas.
Shale oil wells produce these materials as well, sometimes
immediately. ESP systems are ideal for lifting large volumes, but
abrasive solids and gas pose major challenges for these types of
pumps.
Abrasive solids in the pump or intake may introduce a
three-body wear process. This type of wear is frequently referred
to as abrasion and is defined as the removal of material by
particles sliding, rolling, or crushing between two surfaces, as
illustrated in Figure 2, or by particles embedded in one
surface sliding against a second surface.1 This type of
wear most frequently affects the pump’s radial
bearings, impeller-diffuser seal areas,
and thrust bearings.2

An ESP’s radial bearing system consists of a sleeve that
is keyed to a rotating shaft that is positioned inside
a bushing held in a housing or diffuser bore. Two
main styles of bushings are generally used. The
compliant style typically incorporates O-rings
between the outside diameter of the bushing
and the housing or diffuser bore, and they
have some means to retain them in the
bore. The O-rings serve to minimise
rotation, vibrations, and stresses, as
well as compensate for thermal
expansion and allow proper
alignment.3 Figure 3
illustrates this
concept.
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Figure 1. Major components of an ESP system.

Another style of bushing design uses an interference fit between
the bushing and the housing or diffuser bore. The interference can
be created by pressing the parts together or heating the housing or
diffuser so the bore expands, enabling the cooler bushing to be placed
in the diffuser. However, this design has a limitation in that the bushing
can migrate out of the diffuser.4
The pump’s shaft sleeves are keyed to the rotating shaft and spin
inside the bushing. There are two styles of keyed sleeves. The first style
is a simple cylinder with an inner diameter keyway, while the other
has a flanged end that imparts the axial forces from the impeller to the
thrust bearing in the seal chamber section. Figure 4 illustrates both
designs.
Another design approach removes the keyway in the sleeve.3 This
design removes the stress concentration created by the keyway.
Some manufacturers use different materials for the sleeve and
bushing to leverage the strengths of each. For example, common sleeve
and bushings combinations include a zirconia sleeve and bushing, a
silicon carbide sleeve and a zirconia bushing, a silicon carbide sleeve
and bushing, a tungsten carbide sleeve and a zirconia bushing, and a
tungsten carbide sleeve and bushing.
Standard ESP pumps use two radial bearings: one in the head and
one in the base. For wells that produce abrasive solids that lead to
bearing wear and shaft instability, manufacturers started increasing the
number of radial bearings to reduce the unsupported shaft span. This
design advancement has shown that increasing shaft stability extends
the mechanical reliability. As a result, some manufacturers place a
radial bearing in every stage for increased run-life.3

Pump bearing materials

Figure 2. The three-body wear process.

Technical ceramics and cermets are inorganic solids that are very hard
and strong in compression, which makes them ideal materials for ESP
radial bearing systems. The technical ceramics commonly used in these
radial bearing systems are zirconia and silicon carbide, while tungsten
carbides are the typical cermets.5
An important factor in selecting a bearing design and associated
materials is price. In general, zirconia is priced lower than silicon
carbide or tungsten carbide. The price of tungsten carbide fluctuates
based on global supply and demand factors (e.g. for cobalt and nickel
binders that are also used in electric vehicles batteries), so the relative
price difference between silicon carbide and tungsten carbide varies
with other factors.
Friedrich Mohs developed a scale that shows hardness of minerals
and it is shown in Figure 5 compared against a vertical scale for
Knoop hardness. Figure 5 shows that bearing materials are harder
than produced oil well solids, as well as the metal components used
in ESP systems. In most cases, softer materials do not wear harder
materials. However, ESP radial bearings are an exception because
solids are present and cause a complex grinding abrasion. Several
factors determine the rate of material removal: hardness of the bearing
and particle material, ductility of the surface, and the size, shape, and
toughness of the particle.1
Therefore, in the case of ESP pumps bearings with grinding
abrasion occurring, both the harder and softer materials experience
wear. Nevertheless, harder materials have demonstrated improved
wear resistance.
Silica sand (quartz) is commonly used as a proppant to increase
conductivity. Though its hardness varies, it is likely the hardest material
found in production fluids. Its varying hardness is shown in Figure 5 on
the high side of its hardness range.

Material properties
Figure 3. Compliant-style bushing.
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Selected material properties are shown in Table 1.

Hardness
The hardness measurement tests noted in Table 1 are different, but the
values are comparable. As can be seen, the hardness of common bearing
materials is much greater than steel: silicon carbide is the hardest,
followed by tungsten carbide and then zirconia.

Toughness
The low fracture toughness of technical ceramics and cermets introduces
special design considerations. The two bushing designs mentioned
previously somewhat compensate for low fracture toughness. In the
compliant design, the component is held with shock-dampening
O-ring(s), while the interference fit design puts the part in compression
and thereby increases its resistance to cracking.
For some components, such as shaft sleeves and motor rotor
bearings, compensatory design changes are not possible. In these cases,
it is necessary to avoid sudden and large impacts of the components and
assemblies. One manufacturer developed special shipping boxes with
added rigidity and foam cradles, as well as shock tags and
digital shock loggers, to minimise and monitor shock loads.6
Zirconia is almost two times tougher than tungsten
carbide and nearly three times tougher than silicon carbide.
As a result, it is much more resistant to shock or impact,
which is desirable in an oil tool application. Therefore, when
the hardness of zirconia is adequate for abrasion wear, it
has a reduced risk of damage resulting from handling.

Figure 4. Keyed sleeve design options.

Maximum use temperature
During ESP tool tear-down, indications of high
temperatures are frequently observed in the bluing
of the steel diffusers. Some diffusers’ bluing suggests
temperatures approaching 315˚C.4 Since the technical
ceramics used in ESP bearing systems have much higher
maximum use temperatures, this is not an application
limitation.

Thermal shock
Thermal shock resistance is also high for the technical
ceramics, which maintain their strength with rapid
temperature changes of 300˚C and higher. For the values
shown in Table 1, the test was run by quenching samples
into water from various elevated temperatures. The change
in temperature, where a sharp decrease in flexural strength
is observed, is listed as the Delta Tc, or temperature change.

Coefficient of thermal expansion
Zirconia has a coefficient of thermal
expansion close to steel, so if the shaft
outer diameter or bushing bore size
changes with temperature, the zirconia
sleeve and bushing will substantially
change with it. However, tungsten
carbide and silicon carbide have lower
coefficients of thermal expansion.
With these materials, the sleeve may
crack if the shaft size increases with
temperature, or the bushing may
become loose from the bushing bore and
migrate out, as mentioned previously.
Therefore, when other properties are
adequate, zirconia reduces application
concerns caused by coefficient of
thermal expansion mismatches.

Figure 5. Material hardness scale.

Table 1. Selected material properties

Properties

Units

Magnesium
partially stablised
zirconia

Tungsten carbide
YG6X grade

Direct sintered
silicon carbide

Steel

Hardness

kg/mm2

1200 (Knoop 1000g)

1740
(HV30)

2800
(Knoop 100g)

650 – 900
(Knoop 1000g)

Fracture
toughness Klc

Mpa m1/2

11

6

4

50 – 80

Thermal
conductivity

W/m ˚K

2.2

-

150

35 – 55

Coefficient
of thermal
expansion

10-6/˚C

10.2

5.1

4.4

12

Thermal shock
resistance ΔTc

˚C

350

-

300

-

Maximum use
temperature

˚C

500

-

1600

800

Excellent

Good

Excellent

Poor

Chemical
resistance
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Thermal conductivity
Zirconia is highly thermally insulating, whereas silicon carbide is highly
thermally conductive. In other words, zirconia limits the heat transfer
to metal components, and silicon carbide and tungsten carbide quickly
transfer heat (even faster than steel).
It is not certain which is the more desirable property: thermally
conductive or insulating. In normal pump operations it is unlikely to
make a significant impact on performance, though zirconia may be
preferred to insulate the heat generated at the sliding bearing surfaces
from the metal components. However, in cases of gas slugging, it may be
desirable to quickly remove heat generated at the unlubricated sliding
bearing surfaces. In these cases, a carbide may be preferred.

Chemical resistance
Technical ceramics are inorganic non-metallic solids with high levels of
chemical stability. As a result, they are extremely resistant to chemical
corrosion. For the chemicals typically injected or produced in an oil well,
zirconia and silicon carbide are chemically inert. However, the cermet
tungsten carbides are susceptible to corrosion because the binder
material can be leached out; a cobalt binder is more susceptible to
corrosion than a nickel binder, especially with acids.

Pressure velocity values
A common wear test for hardface materials such as technical ceramics
is a pressure velocity (P-V) test. P-V values are determined in a sliding
contact test using a rotating ring on a washer and varying rotational
speed and applied loads. For hardface material applications without
abrasive solids, P-V values are used to predict wear and service life. The
presence of abrasive solids introduces other wear factors, but P-V values
are indicators of relative performance.

Figure 6 compares the P-V values for different hardface combinations
using tap water. SiC, shown in the image, is an acronym for silicon
carbide and TC stands for tungsten carbide. SiC1, SiC2, SiC3, and SiC4
are different grades of silicon carbide. Note that the Series 2 value for
tungsten carbide is less than half of the Series 8 value for the third grade
of silicon carbide (SiC3). It should be noted that surface finish differences
in Series 5 and 6 had a minimal influence. The figure illustrates that not
all silicon carbide grades are equal with respect to wear and, depending
on the grade, wear for silicon carbide can be similar or significantly
different than tungsten carbide.

Other ESP system components
Technical ceramics and cermets also provide beneficial properties for
additional components in ESPs, including the radial bearings in the
intake, the mechanical face seals and thrust bearings in the seal chamber
section, and the motor thrust bearings and rotor bearings. Several
materials are used in these applications, but the most common are
silicon carbide and tungsten carbide due to their wear resistance.

Reduce cost of operations
Other factors aside, an ESP system will eventually fail from vibration
caused by radial instability brought about by abrasive wear.2
Some oil producers want ESP systems with a 10-year run life7 that
are ultra-reliable.8 However, not all oil producers need an ESP system
with such a long life – or are willing to pay for it. For example, an ESP
system for a Permian unconventional well, where it may be replaced in
15 months with a different lift system, should have an optimal bearing
design, material selection, and configuration. In contrast, the optimal
bearing system for a North Sea well needing a six-year run life will likely
be different.
Selecting the right bearing system can reduce the total cost of
operations and simultaneously reduce the environmental impact by
minimising power needs, preventing unplanned maintenance/repairs,
and decreasing their associated waste streams. In addition, new
materials are under development with potentially better abrasion
resistance than current materials, so one should not accept the status
quo – especially since ESP bearing systems play an important role in
enabling safe, clean, and affordable energy.

Note
The figures are generalised information and for illustrative purposes only. The charts
are intended to illustrate typical properties. Property values vary with method of
manufacture, size, shape of part, and test method. Data contained herein is not to be
construed as absolute and does not constitute a representation or warranty for which
CoorsTek assumes legal responsibility.
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Jeff Fraser, ST9 Gas + Oil, USA, considers the overdue
pump technology developments taking place in fraccing.
ydraulic fracturing is an industry to which
change typically comes slowly, if at all.
However, although the technology in use
currently is indeed broadly similar to that of the past,
change has come, as evidenced by the development
of the first exploding torpedoes and stainless steel
fluid ends as well as the transition from nitroglycerin
to acid. Nevertheless, further developments are on
the horizon.

The current landscape
Currently, well stimulators are equipped with
systems that are not dissimilar from the first
pumps used at the advent of modern fraccing in
the 1940s. Large turbodiesel engines drive heavy
duty commercial transmissions, which in turn are
connected to the frac pump. These systems have
operated successfully for decades, but they are now
dated. As applications become more austere and
production becomes more demanding, end-users
are chasing every advantage they can find. Driving
pumps with powerplants that underperform the
maximum capability of the pump they are paired
to is an example of a recent tactic to derive greater
hours from equipment. This and other methods
are motivated by fracturers’ need to become more
efficient to stay competitive.
With concerns regarding sustainability growing
and pressure from ever-encroaching regulation and
government oversight increasing, well stimulators
have more to consider than equipment life. A
suitable location for a well can be found anywhere,
in either the most remote locale or in one’s own
backyard. The substantial noise generated by
current frac pumps means those operating in
residential areas have to spend time and money
constructing noise abatement infrastructure around

their pads. In this same vein, space on a pad can be
at a premium, and minimising footprint and traffic
are chief concerns. Lastly but certainly not least,
those concerned with the condition of the climate
are making sustainability ever more present in the
mind of the public. Fraccing is not insulated from
this growing mindset, and demand is growing
for manufacturers to develop technologies that
provide fuel savings, fuel flexibility, and emissions
reductions.
The oil and gas industry remains as volatile as
ever, and the market is looking for ways to push
the envelope in every aspect. The advent of zipper
fraccing has been a boon to how much pumping
can be done in a set amount of time onsite.
Multiple wellheads leading to separate horizontals
mean operators can run a fleet almost constantly.
While this is a positive development in terms of
production, it also means greatly accelerated wear
on equipment, which is pumping almost constantly
all day and every day. Fraccing in shale has become
a commodity, and equipment manufacturers have
entered a race to the bottom to keep up with their
customers. Fraccing outfits are constantly searching
for any advantage to press, and something has to
change. Several new pump offerings exist on the
market however, and equipment providers that can
deliver more than mere novelty stand to make great
gains.

Electrification
Electrification is at the centre of the coming
developments in frac pump technology. High
torque figures, fine control over power delivery, and
flexibility when it comes to the available options for
fuel are just a few of the attractive qualities claimed
by electric frac technology.
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One of the first examples of the technology to come on to the market
combines existing pump technologies with a large electric motor.
Quintuplex pumps are driven electrically on the back of a pumper trailer.
This configuration is essentially identical to a conventional setup, save
for the electric motor replacing the diesel engine. It also includes several
satellite trailers with additional necessary systems, such as a transformer
trailer carrying variable frequency drives (VFDs). Though electrified, this
pump uses a standard 2500 hp power frame, and thus is limited to that
level of output per trailer.
The power for this pump is supplied by turbines powered solely
by natural gas. This means potential fuel savings for exploration and
production companies, especially if produced gas from the field is
used as well. The operator however does not experience these savings
yet pays a higher first cost to acquire these pumps. However, this
method promises to produce far fewer emissions than traditional diesel
powerplants. A side benefit to these pumps is lowered noise generation.
Consequently, fraccing operations that need to be conducted in
populated areas do not have to be as concerned with negating their
sound signature.
There is an additional system on the market that not only supplants
conventional diesel power with electrification, but also uses new,
fledgling technology for the pump. In this system, an electric motor
drives a hydraulic pump, which in turn actuates a new type of long-stroke
frac pump.

Figure 1. DigiFrac multimotor – 8000 hp.

Figure 2. Electrohydraulic long stroke – 6000 hp.

The concept underpinning this electrohydraulic solution is that the
number of load cycles are directly correlated to stress and wear, and
any reduction in their number should be a boon to durability. A lower
number of cycles per given unit of time is a byproduct of the elongated
stroke of this product. This specific pump makes up for its reduced
frequency by producing greater output per stroke.
Accommodating for a longer stroke is new technology, but early
purchasers have faith that the change will pay off. Having a greater
stroke length than any conventional pump, this system will theoretically
generate enough output that it will remove more than its number
of pumping trailers from the pad. 6000 hp is the stated output for
this long-stroke pump, though whether that power can be provided
continuously is yet to be seen. Should it be delivered constantly, this
system could reduce the number of pumping trailers required for a given
pad by two-thirds. These claims mean great potential for increased
energy density onsite, but electrohydraulics are a new technology in the
oilfield environment. Only time will tell if this pump will stand up to its
unique stresses.

New technology
A new technology being brought onto the electric frac market is the
DigiFrac Multimotor design. The multimotor approach combines
electrification with a contemporary design. The mechanical
pump aspect is a design iteration that is new, but not totally
dissimilar from what has become standard. Users can employ
contemporary consumables such as fluid ends, flow iron, valves and
seats, etc.
The power frame at the heart of the system has thicker and stronger
parts, which increases rigidity, product life, and overall return on
investment (ROI) to start. The frame also has internal geometries that
improve its resistance to flex and wear beyond what the thickened
materials achieve. These features, paired with a fluid end that follows
the same design philosophy, lead to a pump architecture that remains
familiar and can be adapted to current applications.
Each power frame is flanked on either side by a pod housing five
individual electric motors. The motors are designed from the ground
up for the pumping application in mind. When two multimotor pump
units are on a single vehicle, these pumps produce 8000 hp continuously,
allowing operators to remove 75% of their pumping trailers per given
application. The system’s level of output within its tight packaging
provides a substantial power density on the well pad.
The motors house their own VFDs and feature full manipulability.
As a result of information integration, each motor can vary output
individually or in a group to allow for full control of pumping operations,
to pick up the slack of another motor in the pod, or any maintenance
eventuality. Intelligent controls and programming will aim to take the
guesswork out of achieving the desired performance out of a pump,
while control logic and smart pumps will allow stimulators access to
greater efficiency and ROI.

Conclusion
Figure 3. Contemporary electric frac – 2500 hp.

Figure 4. Conventional diesel frac – 2500 hp.
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Fraccing is at a point where it is hungry for innovation, and those with the
right vision for the future have a chance to achieve substantial market
share in the years to come. Electrification has been seen by many as
the clear way forward, but how best to integrate it is an open question:
one method would be to combine existing systems with electrification;
another has entirely newborn technologies working electro-hydraulically
in a pump; while a third combines old and new, with the goal of fusing
the best of what is current with the most promising technology of the
future. Choosing where to take a leap and which new pump technologies
to invest in will be critical to those competing to survive in the future of
fraccing.
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Arun Chandrasekaran, Adam Avey and
Corey Philipp, Gardner Denver, USA,
highlight the hidden cost of neglecting
preventative maintenance of a pump’s
power end.
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A

nyone with a vested interest in pressure pumping spends
considerable time ensuring their pumps run efficiently with no
unexpected downtime. A pump that is sitting in the repair shop
is a harbinger of non-productive time, spiralling costs and operational
headaches all-round. Since the repairs that are typically necessary on
the power end component of the pump cannot usually be completed
overnight, once a failure of a power end has occurred it can take several
weeks to get a pump up and running again.
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Anatomy of a pump
A frac pump is composed of a power end and a fluid end. The fluid
end is the high pressure component of the pump that takes fluid into
a chamber at low pressure and discharges it at higher pressure. As
such, the fluid end is usually the component that receives frequent
services in the field in-between frac stages. During preventive
maintenance, the fluid end is periodically opened up to change wear
components in order to keep it running efficiently. Conversely, the
power end is the component that drives all the moving parts required
to create the pressure in the fluid end. The moving components of a
power end are contained within an enclosed steel frame and include
a crankshaft, crossheads and connecting rods, similar to the rotating
and reciprocating components found inside a car engine, but on a
much larger scale. Unlike the fluid end, the power end rarely gets
opened and serviced in the field. To run the pump, a driveshaft is
hooked up to the power end from the transmission, which is turned
by a diesel engine. The diesel engine and the transmission, at a
certain gear, turn the power end. The power end turns the crankshaft
and the connecting rod assembly, which moves the plungers to

create the pressure in the fluid end. Ultimately, the goal for a pressure
pumping company is to keep turning the power end and to keep the
pump running.

The cost of high production
Unfortunately, since the power end is not inspected periodically,
the rate of unexpected failures for this component is rising. If a
component is only looked at once a strange noise or even smoke is
being emitted from it, the chances are that it is already too late to
intervene to prevent significant damage to the power end. At this
point, the only option would be to take it offline and send it to the
repair shop. Typically, when a pressure pumping company goes to
a site to perform a fracturing job, they will take some additional
pumps with them. These extra pumps could be sitting idle, to serve
as backup in case any of the major components, including the power
end, breaks down unexpectedly. If customers are able to keep a
good maintenance record, or perform preventative maintenance on
the power end, they will only need to carry the pumps they require,
resulting in lower operating costs and increased efficiency.

The proactive approach
Gardner Denver helps pressure pumping customers
actively maintain their equipment. By developing
preventative maintenance plans for power ends,
customers can better understand what to inspect for
in the power end after set time intervals and take a
proactive approach in replacing wear components as
needed to prevent any unexpected downtime. This will
also help to prevent catastrophic failures, which often
results in very expensive repairs.

Lessons in preventative maintenance
Pressure pumping companies should consider the
following power end characteristics when developing a
preventive maintenance plan. The company has helped
customers in developing a maintenance plan specific to
their operations and duty cycles.

Rod load
Figure 1. Crankshaft journal crack.

Figure 2. Pump mounted on skid.
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The power end is only rated to perform work within
its design specifications. Each power end must be
operated within its capabilities when used in the
field in order to maximise the total cost of ownership.
Each power end model is limited, by design, to
operate within the rated maximum rod load (RL). The
RL is a function of the discharge pressure and the
plunger size.
While designing a power end, each critical
load-bearing component is designed to withstand the
maximum rated RL. The geometry and the material
for the critical components are designed in such a way
that the expected lifecycle is reached when operated
within the designed RL before fatigue failures occur.
The fatigue life is measured in cycles where one cycle
equals one complete revolution of the crankshaft. As
the power end operates, each cycle adds fatigue to the
power end components until the material reaches its
ultimate fatigue limit, at which point the component
will start to develop a failure mode. Operating the
power end above the maximum rated RL will lead to a
shorter life span of the power end and also could lead
to catastrophic failures.

Duty cycle
As explained, the harder and longer a pump is run for, the sooner the
bearings will wear out and need to be changed as part of a preventative
maintenance cycle. ‘Duty cycle’ is a term used to characterise how
hard a pump has been run and for how long. Duty cycle is determined
by RL and ‘speed’ – that is how fast the pump is being run, and
‘time,’ meaning the number of pump cycles or run time. Preventative
maintenance plans can be developed based on duty cycle. In the
US, each different operating area/shale basin has different pressures
that pumps are required to pump at. This can drastically change the
required preventative maintenance intervals. Customers can provide a
record of duty cycles and operating conditions in their area of interest
and a preventative maintenance plan can be designed around those.

is not sufficiently met, the moving components of the power
end quickly start to break down. The company does not design
lubrication systems, but has partnered with an industry-recognised
lubrication provider to offer recommendations on appropriate lube
types based on customers’ operating conditions.
All power ends manufactured by the company are run through
an extensive factory acceptance test where they are tested at
their operating limits and have the temperatures of their critical
components monitored prior to shipping to the customer to ensure
the pump is receiving proper lubrication and ready for operation.

Troubleshooting lubrication issues
Case study

Mounting
The company has performed studies to correlate improper mounting
to the performance of the load-bearing components. Since the frame
houses all the critical components and there are installed running
clearances between the frame and the bearing components, stress
from any unnecessary twist in the frame is transmitted to the bearing
components. Results from studies showed pumps that were
not mounted appropriately were subjecting the bearing
components to additional stresses and even creating
the potential for excess heat generation due to reducing
clearances of bearing components below their minimum
tolerance. It is recommended to place the pump on the
skid and use shims to level the pump before it is bolted to
the skid. As part of the preventive maintenance plan, all
mounting bolts must be checked periodically for tightness
and replaced as necessary.

In April 2018, a pressure pumping company using Gardner Denver
C-2500 pumps experienced several power end failures across their
fleets due to overheating of internal power end components. In
an effort to understand and further investigate the actual root
cause of the failures, a frac unit from the same fleet was tested at
Gardner Denver’s Fort Worth facility in Texas, US. Pressure gauges

Pump speed
Stroke length is a pump characteristic that is specific to
each pump model and cannot be altered. It denotes the
distance the plunger strokes for each revolution of the
crankshaft. For each stroke of the plunger, a specific volume
of fluid is displaced and the output volume can be increased
or decreased by varying pump speed. This is a key piece
of information for customers, as there are many pumps
available with varying stroke lengths. When looking for a
specific flow rate out of these pumps, the pumps must be
operated at varying speeds to provide a uniform flow output.
A longer stroke pump needs to be run slower than a short
stroke pump in order to output the same flow rate.
However, it is important to remember that when pumps
are run faster, they are accumulating fatigue cycles at a more
rapid pace. Pump components are constructed with steel. By
its very nature, at some point steel will reach its fatigue limit
and start to develop a failure mode. How quickly it takes to
reach the ultimate fatigue limit determines the life of the
component. Ideally, pressure pumping companies operate
their frac units at an optimal speed that does not result
in too much load for the engine, transmission or pump.
Overall, fatigue plays a major role in pump failure. Overall
usable life of any component can be increased by managing
accumulation of fatigue cycles more efficiently.

Figure 3. Burnt rod journal bearings (lack of lubrication).

Lubrication
Because power ends generate a significant amount
of heat, approximately 60 – 70% of serious power end
failures occur as a result of a lack of adequate filtered
lubrication. When the requirement for clean lubrication

Figure 4. Rod journal bearings (normal wear).
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and flow meters were systematically installed at various locations
in the lube system to better understand the system dynamics at
various pump load conditions.

Procedure
The unit was first operated as received, with the exception
of the installation of the instrumentation. The power end oil
was replaced with clean ISO 220 oil, as per the equipment
manufacturer’s specification, and the oil filter was changed before
operation. Significant issues were found with the amount of oil
shown to be flowing through the gear pump relief line, as well
as in the gear pump suction line. Additionally, the pressure relief
valve at the power end was not adjusted correctly to maintain
adequate (≥100 psi) pressure throughout the installed oil’s
temperature/viscosity range. The decision was made to reroute the
gear pump pressure relief valve relief line to the lube reservoir to
improve the gear pump’s suction conditions. The unit was operated
and the gear pump pressure relief valve was adjusted to increase
flow to the power end. The power end pressure relief valve was also
adjusted to maintain 145 psi at the power end. System performance
was greatly improved with the modifications made.
It was discovered that at some point during testing, the
thermostatic bypass valve was no longer functioning as designed.
The valve was allowing pressure communication to the oil cooler
loop prior to its designed thermal set point. A new valve was
delivered and installed. Additionally, due to the component issues
found system-wide, it was determined that lower viscosity oil could
be a better fit for the system. The ISO 220 oil was removed and the
system was filled with synthetic 75W/90 for an additional round
of experimental testing, as well as for the factory acceptance test.

Specific factory acceptance test parameters were calculated for
the unit in question, based on the transmission gear ratios. It was
observed that the system was only able to maintain 90 psi at the
power end pressure relief valve. An attempt was made to adjust the
pressure relief valve, but, due to the low oil viscosity, the pressure
was unable to be increased further. The equipment manufacturer
was advised that slightly more viscous oil could be a better fit for
the system as installed. Oil such as 80W/140 could provide enough
viscosity to maintain the required pressure at the power end.

Outcome
The unit from the customer was not supplying the required
lubrication pressure and flow to the power end. As a result of
the testing performed, Gardner Denver recommended making
a comprehensive array of best practice recommendations to all
affected units as soon as possible. This resulted in substantial
reduction of heat-related failures and overall improved productivity
across the customer’s entire fleet.

Conclusion
A pump could cost tens of thousands or even hundreds of
thousands of dollars to repair if one of its critical bearings fails
and causes a power end failure on the jobsite. These unexpected
expenses can be avoided, and total cost of ownership reduced,
by simply ensuring the bearing is changed at the right time.
Fortunately, the cost of committing to a proactive maintenance
schedule is modest, and can be planned and forecast for. A
long-term outlook centred on preventative maintenance is
essential in safeguarding a pressure pumping company’s ability
to fulfil their customers’ demands and take on new work.
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Julie Holmquist, Cortec Corporation, USA, argues for the importance of
corrosion prevention technology on drill rigs in times of uncertainty and idleness.
here are two things certain about the oil and gas
market. The first is its uncertainty. The second is
the perennial challenge of corrosion. While the
first problem leaves drill rig owners at the mercy of the
fluctuating market and getting the next drilling contract,
the second leaves them at the mercy of the elements.
Moreover, because drilling requires such high overhead
costs, it is difficult to enter or leave the market quickly.

T

A good preservation plan can ease the pain of both
problems by relying chiefly on simple but effective vapour
corrosion inhibitor (VCI) technology. Applied VCI technology
protects high value assets from corrosion and is relatively
easy to apply and remove, helping streamline the transition
of idle equipment to operation and vice versa. This preserves
asset value while minimising transitional downtime, making
it an important part of rig maintenance not to be overlooked.
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How VCI technology works
Some of the best VCIs on the market today are made from salts of
amine carboxylates. VCIs have a moderately high vapour pressure
that allows them to readily convert from a solid form, such as a
powder, into a vapour form. These vapours then disperse throughout
a space until they reach equilibrium, at which point they adsorb as a
microscopic protective layer on metal surfaces due to ionic attraction.

This molecular barrier discourages the electron flow that
would normally take place between the anode and cathode of a
corrosion cell when metal, oxygen, and/or an electrolyte (e.g. water
– especially with high chloride content) are present. By deterring the
normal oxidation and reduction reactions, the VCI layer inhibits the
deterioration of metal and the formation of rust. In short, it blocks the
normal corrosion process. As long as the VCIs remain in an enclosed
space, this protective molecular layer is replenished. When the
enclosure is breached, the VCI molecules float away, removing the
need to clean or remove the product from the metal.

How VCI translates into preservation products

Figure 1. How VCI molecules protect in an enclosed space (source:
Cortec Corp).

One of the simplest ways to benefit from VCI technology is by using
a VCI emitter cup. This is a small cup that contains VCI powder and
is covered with a breathable membrane that allows the VCI vapours
to escape. These emitters can be placed inside small packages or
electrical cabinets. The VCIs diffuse throughout the enclosed space
and adsorb on metal surfaces, such as electrical contacts and wires
inside a junction box. This type of protection easily translates to larger
equipment or structures by the use of additional VCI emitter cups or
other VCI emitting material, such as VCI foams or pouches that are
able to protect large volumes of space due to a greater supply of VCI
molecules. VCIs can be fogged in waterborne format into piping and
other vessels for corrosion protection of internal structural voids. They
can also be used as additives to fuels or oils, protecting surfaces with
which they are in direct contact and simultaneously emitting VCIs into
the air above for more thorough corrosion protection of all internal
surfaces.
Another important aspect of VCI applied technology is VCI film.
By compounding and extruding VCIs into plastic bags or sheeting,
manufacturers have been able to design a practical, simple, and
effective protective packaging material used in the shipment, storage,
and preservation of metal goods of all sizes. VCI film and bags protect
metals both by direct contact and vapour-phase action. For small bags,
VCI film contains enough protection to condition the entire enclosed
atmosphere. For larger items, VCI users often do well to supplement the
protection of VCI film with additional VCI emitting materials or fogging
fluid. This provides a larger dose of VCI to protect larger volumes of
space. If these packages are briefly opened, the VCI layer replenishes
itself and continues protecting after the package has been reclosed.

Minimising downtime

Figure 2. Equipment being preserved in VCI film (source: Cortec Corp).

Figure 3. A VCI emitter applied to a control box on an offshore platform
(source: Cortec Middle East/Cortec Case History 636).
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VCI applied technology makes it fairly simple to pull a rig out of layup
mode and into active duty as far as corrosion protection is concerned.
For large equipment, it often means just removing the VCI film or
emitters and following normal equipment startup procedures – no
cleaning or degreasing required. For some applications, such as
electrical and instrumentation (E&I) boxes, VCI emitter cups can simply
be left inside or exchanged for replacement emitters. In fact, using VCI
emitters in E&I panels is an excellent ongoing maintenance strategy for
rigs to continue during operation because it minimises the likelihood of
electrical failure, repair, and replacement due to corrosion.
The ease of removing VCI material also makes it ideal for protecting
critical or operational spares while rigs are in service. Having backup
parts protected by VCI film and emitters makes it much easier for drill
rig crews to respond to a serious equipment breakdown, since it leaves
spares rust-free and ready to be used with minimal product removal
time.
There are many oil and gas companies around the globe that have
found VCI preservation to be a choice strategy for convenient and
effective corrosion protection. The following are some examples of
what those preservation strategies can look like in action.

Preservation of greenfield electrical and
instrumentation components
An excellent example of greenfield mothballing is the case of a
leading offshore fabricator who needed preservation of new wellhead
towers that were assembled onshore and shipped offshore for
installation. The client needed to preserve the wellhead towers for
several years before activation would be required.
E&I components were a major focus of the preservation, in
addition to protecting new piping and vessels. An electrical contact
and panel cleaner/corrosion inhibitor was used as needed before
installing a variety of VCI foam, cup, and pouch emitters throughout
local equipment rooms, electrical junction boxes, control panels,
shutdown boxes, and other E&I spaces according to volume. Some
of the ESDVs, MOVs, and choke valves in the piping system had
electronic components that also needed protection with VCI foam
and film.
A cleaner with flash corrosion inhibitors was used where
needed, and a VCI/contact inhibitor additive provided corrosion
protection during hydrostatic testing of certain equipment. VCI
fogging fluid was used to protect vessel internals, and VCI film (extra
heavy-duty material for outdoor applications) was used to protect
the outsides of E&I boxes and exposed field equipment. A temporary
anti-corrosion coating was also used for various equipment surfaces.
The preservation was considered easier and more cost-effective than
alternative methods.

Preserving land rigs between contracts
Several years ago, in the Middle East, more than eight land rigs
scattered across Saudi Arabia, Kuwait, Algeria, and Iraq needed to
be preserved before being sent home to await new drilling contracts.
As is typical for VCI preservation, electronics and electricals were
protected with VCI emitters inside and VCI film (in this case stretch
wrap) applied externally. A variety of VCI powders and liquids were
used to protect major equipment internals, mud tanks, piping
systems and cooling systems. In at least one case, a VCI additive
was added to fuel tanks. Various dry film and wet film anti-corrosion
coatings were applied to static and rotating equipment respectively,
as needed. The VCI products were ordered from a trusted VCI supplier
but were applied by the client’s own team.

and seek out application experts to guide their mothballing strategy.
In the first place, not all VCI film performs equally well. Some film
has masqueraded as VCI film with no VCI content at all. Other films
may be true VCI, but of unreliable quality. Many VCI film producers
subcontract their work so they do not have full oversight of production,
leaving them with less control over quality. For best results, end-users
should choose VCI film and other products from a vertically-integrated
producer that knows VCI quality from the bottom to the top, starting
with the manufacture of the VCIs themselves and carrying on into the
compounding and extrusion of film, with stringent quality controls.
Before buying VCI film, it is important to verify that these important
characteristics are being met. It is also an indication of a good source
for securing other high-quality VCI materials, such as emitters.
A second wise course of action is to receive assistance from
preservation experts familiar with VCI technology in rig layup
application. There are a number of excellent preservation service
providers throughout the world that are highly skilled and rely on
top-quality VCI material. These teams draw on years of experience
in the oil and gas industries and have keen insight into working
with drilling rig assets. They can either perform the complete layup
themselves, work alongside drill rig teams to teach them best practices,
or simply offer advice and guidance for specific application needs.

Conclusion
Uncertainty and volatility in the upstream drilling market mean
there will always be a need for rig-stacking between times of peak
market demand. A good preservation strategy that is easy to apply
and remove is key to keeping these assets in good condition for quick
recommissioning when they are needed again. The location of a
majority of these rigs in harsh environments magnifies the serious need
for effective corrosion protection.
As a result of VCI technology, preservation can be efficient and
effective, streamlining the transition from operation to layup and from
layup to operation for minimal disruption. Some of the same strategies
for layup can be used to mitigate corrosion on sensitive electricals
and critical spares during rig operation. By selecting high-quality VCI
materials and seeking guidance from experts in the field of oil and gas
preservation, rig owners and operators can achieve the best in asset
protection to help ease them through one major aspect of upstream
uncertainty.

Surviving a hurricane in the Gulf of Mexico
Another offshore platform in the Gulf of Mexico followed similar
preservation strategies. VCI emitters of varying sizes played an
important role in protecting electrical controls and junction boxes,
which were wrapped externally with VCI films. VCI films were also
shrink-wrapped around countless pieces of equipment – such as
blowout prevention (BOP) components, a hydraulic power unit,
hydraulic manifolds, an air conditioning unit, a helicopter fuel station,
control panels, man-riders, winches, pumps, and more – sitting
exposed on-deck and in more sheltered areas. Rolls of VCI foam
were draped throughout the drilling shack and living quarters. VCI
additives were used in various oil systems according to compatibility.
Anti-corrosion coatings and biobased grease were also used to
protect various painted equipment surfaces and tens of thousands
of metres of wire rope respectively. Sometime after layup, a severe
hurricane hit almost directly. Despite the harsh weather, the VCI film
stayed in place and the preserved equipment was not found to be
damaged or corroded when inspected two years after the hurricane.
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Choosing quality and expertise
While VCI preservation strategies are highly simple, effective, and
intuitive, it is important that rig owners choose their products carefully

Figure 4. Land rig (source: Cortec/Adobe Stock).
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CAPTURE
CORROSION
ON FILM
Hans Oskarsson and Per-Erik Hellberg, Nouryon, Sweden,
outline how film-forming, surfactant-based corrosion can be used to
maintain infrastructure and equipment in the oil industry.

C

orrosion in oil production installations and
equipment is one of the most critical issues for
oil producing companies. The severe corrosive
conditions in oil and gas production – including
high concentration of salts, high temperatures and
pressures, multi-flow fluids containing acidic gases
and liquids sometimes including solids, like sand
– puts great demand on corrosion management
and control to keep steel piping and equipment in
use for their estimated lifetime. In addition, most
oilfields produce unique and different fluids, which
means that corrosion mitigation or inhibition
systems need to be designed, in principle, for every

producing field. The problem of corrosion in the
oilfield and petroleum industry is at all levels and
stages and involves everything – from drilling and
completion in fluids containing high-density brines, to
production and pipeline transportation in oxygen-free
conditions dominated by carbon dioxide (CO2) and
hydrogen sulfide (H2S) as corrosive gases. The most
severe corrosion risks probably appear in stimulation
of oil-bearing formations, as mineral or organic acid
formulations are injected at high temperature, which
requires special measures for corrosion control. In all
these different situations varying mitigation strategies
and alternative inhibition solutions are needed.
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Managing corrosion and integrity are important tasks in
order to avoid huge economic losses and to ensure pipeline
and equipment integrity (Figure 1). Considerable research and
development is spent in this area among companies involved in
the industry, including basic and speciality chemical producers,
equipment and piping companies, oilfield service companies
and operators. All these companies are challenged to adapt
and develop materials and inhibition systems for more harsh
conditions, lower dosages and higher performance as well as
developing more environmentally acceptable solutions. There
is no doubt that adaptable and cost-efficient film-forming
corrosion inhibitors (FFCIs) have helped the industry meet these
challenges for decades and will continue to play an important
role in protecting and maintaining oilfield installations.

Film-forming corrosion inhibitors
One of the most important technologies to mitigate corrosion
that has been used for decades in the oil industry is organic
FFCIs.1,2 FFCIs are widely used and their versatility make them
one of the highest-volume produced chemicals in the oil and gas
market.3 They are essentially surfactants that are surface-active
molecules – as shown in Figure 2 – consisting of a water-soluble
head-group (the hydrophilic part) and a water insoluble tail (the
hydrophobic part).

The amphiphilic nature of surfactants results in a natural
driving force to accumulate and adsorb at interfaces already at
low concentrations. Surfactants will adsorb at the liquid-liquid
interface of oil and water and partition in between these phases.
If the partitioning mainly takes place into the oil phase the water
(brine)-phase is determined by the design of the surfactant.
Likewise, if the molecules have the correct balance between the
hydrophilic and hydrophobic part, and are designed with the
right head-group structure, they will adsorb at solid surfaces
(e.g. at a steel surface). A correctly tuned film-forming surfactant
will start to adsorb at a concentration of a few ppm and will, by
an increase in concentration, form an assembled protective film
at the surface. This film will change wettability and nature of the
surface and act as a barrier against water and corrosive fluids
and thereby inhibit and reduce electrochemical corrosion. This is
the reason these molecules are called ‘film-forming surfactants’
or FFCIs. The most abundant chemistries used today are fatty
amine derivatives and cationic surfactants. Cationic surfactants
carry a positive charge and will by physisorption electrostatically
bind to the metal surface by its head-group and create the
non-polar barrier from the hydrophobic tail-groups (Figure 3).
There are several advantages/features which benefit the use
of these film-formers as corrosion inhibitors:
They are tunable to different oilfield conditions such as
salts, temperature and solubility requirements.
They provide a cost-effective and flexible solution, which can
be readily adjusted as field conditions change.
They are multifunctional, e.g. can keep equipment and
piping in a clean condition and particles dispersed. Cationic
film formers sometimes also have combined corrosion and
biocidal effects controlling microbially-induced corrosion.
There are also some examples of combinations of flow
assurance and corrosion inhibition properties.
They are high-performance inhibitors with demonstrated
self-healing after scratches or removal from surface. This
feature makes FFCIs especially attractive compared to
protective coatings and other irreversible barriers, as a
protective coating will not self-heal whereas the film former
will. In an atomic force microscopy (AFM) study of imaging
of an alkyl-imidazoline-based corrosion inhibitor protective
layer, it could be seen that the layer or film withstands a
considerable force from the tip of the machine and when
the force is released the film re-forms at the steel surface. 4
This ‘self-healing’ feature is a consequence of the fact that
the dynamic, self-assembled film has the ability to exchange
monomers from bulk to the tight packed adsorbed layer. The
bulk solution of oil/water serves as a reservoir of surfactants
(film formers) in constant equilibrium with the steel interface
(and with other interfaces).

Ì
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Figure 1. Pipelines are important to protect from corrosion to avoid
serious oil spills and consequent damage to the environment.

Figure 2. A schematic presentation of a surfactant film-forming CI.

Figure 3. Schematic representation of how a film-forming inhibitor
protects the inside of a pipeline.

46 | Oilfield Technology July/August 2020

Film formers can work in synergy with the oil to create even
stronger films (Figure 3).5
Recent research has shown that FFCIs, aside from forming
a protective film, also have the secondary effect of making the
steel surface oil-wet. If oil/alkanes are present in the liquid they
can strengthen the surfactant assembled layer even further by
co-adsorption with the corrosion inhibitor. The efficiency of this
process will depend on the nature of the surfactant film; thus
some inhibitors are more efficient than others in this respect.
To achieve the highest possible corrosion inhibition effect
and to facilitate transport, handling and dosage, corrosion
inhibitors are formulated at the lowest cost possible.
Formulation is also needed in order to adapt to different
oil/water ratios, the presence of solid materials as well as

various other conditions in pipelines and other crude oil and gas
transporting and treatment equipment as mentioned above. A
formulation can consist of 5 – 10 different ingredients including
film-formers, dispersants, wetting agents, inhibition synergists
and solvents.2

Examples of oilfield applications and typical choice of
inhibitor
The requirements on a corrosion inhibitor can vary greatly
depending on conditions at the specific location of oil
production. During the years, considerable experience has
been gathered to facilitate the choice of corrosion inhibitors
in different oilfield applications. These rules of thumb
usually start with one or more basic film-formers that are
blended with co-additives. Some basic chemistries, such as
imidazoline-based film-formers, in general serve a broader
application range, whereas other chemistries are more specific,
such as film-formers for high temperature corrosion inhibition or
formulations for acid stimulation.

Corrosion inhibition of film-formers in a production environment

Unsaturation in the hydrophobe has an advantage, which is
that it is primarily attributed to the handling of concentrated
corrosion inhibitor film-former bases, but it also facilitates the
formulation of them. When used in an aqueous or solvent-based
formulation, film-forming surfactants containing unsaturation
are more ‘liquid’ and have less tendency to crystallise out of
formulation.
Understanding surface adsorption is important and has a
direct correlation with corrosion inhibition, but there are many
more parameters to consider when developing a film-former
and a formulation for a specific application/field: oil/water
partitioning, brine stability, effect of flow, risk of foaming,
compatibility tests, etc. These tests are performed at different
levels, starting with a basic data set from chemical suppliers
then added with more details while proceeding down the value
chain of formulation to service companies and final tests at
operator level. The discussed example of a production pipeline
application under sweet conditions and moderate temperature
stress is just one very general example of the need of corrosion
control using FFCIs.
For example, the film-former will need to be adapted to
situations where heavy brines are used. In general, salt will
have a tremendous effect on the performance of a surfactant
and film-former, as so-called ‘salting out’ may occur. The
screening of the surfactant charge for ionic surfactants and the
change in cloud-point for nonionic surfactants will alter the
solubility and consequently the partitioning in between oil and
water. Fortunately, there are alternative film-formers working
under these conditions and these are usually derivatives of
basic film-formers that have been modified in the head-group
structure for better water solubility and brine stability. Two
principles are used for this solution: the first is to introduce

In oil production and transportation, the conditions are often
oxygen-free, with the dominant gases being CO2, H2S, or a
combination of the two in many cases. CO2 is a very common
environment in oilfield production and transportation, and
the resulting reaction process with the metal surface is very
often referred to as sweet corrosion. If temperatures are not
too high and the fluids produced contain low to moderate salt
concentration, a good starting point for the main film-former to
be added in a formulation will be an imidazoline- or alkyl-based
amine film-former (Figure 4).6
The basic surface chemistry property of alkyl amines and
imidazolines which make them suitable
as film-forming component in these
oilfield production environments is their
ability to adsorb at the substrate (the
metal surface, which in CO2 environments
in many cases is dominated
by iron-carbonate). A typical imidazoline
chemistry has at least one, often two, and
in some cases even more charged groups
in the head-group under these weakly
acidic conditions. This is one important
driving force for adsorption at the iron
surface. The hydrophobic tail is also very
Figure 4. Generalised and idealised imidazoline film-former.
important for adsorption and resulting
protection. Usually a long hydrophobe
is preferred. This increases the surface
activity of the film-former and promotes
the driving force to the surface. In general
surfactant adsorption theory there is a
well-known correlation of hydrophobe
length and surface adsorption. In a water
solution, the longer the hydrophobe, the
higher degree of surface adsorption.7 This
is one reason why the film-formers are
long alkyl chain derivatives. For many
film-formers, these long chain tail groups
consist of mixtures of different natural
C18- based hydrocarbon chains, which
originate from tall-oil, oleic, linoleic and
Figure 5. Overview of FFCI choices for different conditions.
in some cases saturated hydrocarbons.
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additional charged groups,8 and the second is to increase the
relative number of hydrophilic building blocks (more polar, water
soluble building blocks). By these modifications to the FFCIs, a
balance of water solubility and driving force to the surface can
be achieved for good filming and protection.
As already discussed, there are innumerable situations
and conditions in the oil industry requiring various inhibition
solutions. Figure 5 provides a simplified guideline for the
choice of film-forming surfactant inhibitor. This is certainly not
a complete overview, but covers some of the more important
oilfield applications.

Trends in FFCI development
The trend in the oilfield industry for the dominating applications,
such as corrosion in production infrastructure, is to continue to
strive for smart ways of reducing loading of corrosion inhibitors
and finding efficient solutions e.g. by synergies between
FFCIs. This is what oil service companies are looking at in
their daily work in tenders for existing and new fields, but also
what is being researched at the FFCI producer level. 9 Another
ongoing trend is the need for specialised solutions for extreme
conditions like high temperature and high pressure (HTHP).
Many FFCIs are limited to operations in a specific temperature
window which is determined by the chemical stability of the
inhibitor, the strength of adsorption as well as the persistency of
the self-assembled layer. While these requirements apply to the
single FFCIs meeting high temperature challenges, formulation is
a key to broadening the temperature interval through additions
of additives and specialised intensifiers for high temperature, i.e.
acting as anchoring sites at the surface.

In regulated areas such as the North Sea, and countries
which have adopted similar regulatory standards, corrosion
inhibitors are a hot topic. Many solutions for corrosion inhibition
on the market today are impaired as they are too aqua toxic to
be approved in these and, in addition, many times they also
suffer from poor biodegradation and high bio-accumulation
geographies, due to the un-polar nature of corrosion
inhibitors. The challenge is to find solutions that have the right
biodegradation and bio-ecotoxicity data, which at the same
time remain stable at high temperature and during challenging
conditions. The oil industry is working together on this issue to
develop high performance solutions which at the same time are
environmentally acceptable. This is one of the more important
trends in the oilfield community today.
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